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The greenhouse gas emission intensity of refining lower
quality petroleum was estimated from fuel combustion for
energy used by operating plants to process crude oils of varying
quality. Refinery crude feed, processing, yield, and fuel data
from four regions accounting for 97% of U.S. refining capacity
from 1999 to 2008 were compared among regions and years
for effects on processing and energy consumption predicted by
the processing characteristics of heavier, higher sulfur oils.
Crude feed density and sulfur content could predict 94% of
processing intensity, 90% of energy intensity, and 85% of carbon
dioxide emission intensity differences among regions and
years and drove a 39% increase in emissions across regions
and years. Fuel combustion energy for processing increased by
approximately 61 MJ/m3 crude feed for each 1 kg/m3 sulfur
and44MJ/m3 foreach1kg/m3 densityofcruderefined.Differences
in products, capacity utilized, and fuels burned were not
confounding factors. Fuel combustion increments observed
predict that a switch to heavy oil and tar sands could double
or triple refinery emissions and add 1.6-3.7 gigatons of carbon
dioxide to the atmosphere annually from fuel combustion to
process the oil.

Introduction

Replacing limited conventional crude oil (1) with heavy oil
and natural bitumen (tar sands) resources could have
substantial energy and environmental costs (2). Physical and
chemical properties of the lower quality, heavier, more
contaminated oils predict the combustion of more fuel for
the energy necessary to convert them into product slates
dominated by light hydrocarbon liquids (3-8). Preliminary
estimates from fuel cycle analyses suggest that a switch to
heavy oil and tar sands could increase the greenhouse gas
emission intensity of petroleum energy by as much as
17-40%, with oil extraction and processing rather than
tailpipe emissions accounting for the increment (3, 4). This
raises the possibility that a switch to these oils might impede
or foreclose the total reduction in emissions from all sources
that is needed to avoid severe climate disruption. Accurate
prediction of emissions from substitutes for conventional
petroleum is therefore critical for climate protection. How-
ever, estimates of the emissions from processing lower quality
oils have not been verified by observations from operating
refineries.

Crude oils are extremely complex, widely ranging mixtures
of hydrocarbons and organic compounds of heteroatoms

and metals (2, 7). Refiners use many distinct yet intercon-
nected processes to separate crude into multiple streams,
convert the heavier streams into lighter products, remove
contaminants, improve product quality, and make multiple
different products in varying amounts from crude of varying
quality (5-11). Factors that affect emissions from refinery
process energy consumption include crude feed quality,
product slates, process capacity utilization, fuels burned for
process energy, and, in some cases, preprocessing of refinery
feeds near oil extraction sites. Estimates that construct
process-by-process allocations of emissions among these
factors have not been verified by observations from operating
refineries in part because publicly reported data are limited
for refinery-specific crude feeds and unavailable for process-
level material and energy inputs and outputs (4-6). Research
reported here distinguishes effects of crude feed quality on
processing from those of the other factors using refinery-
level data from multiple operating plants to estimate and
predict the process energy consumption and resultant fuel
combustion emissions from refining lower quality oil.

Experimental Section

Refinery crude feed volume, density, and sulfur content,
process capacity, capacity utilization, yield, and fuels were
reported annually for each U.S. Petroleum Administration
Defense District from 1999 to 2008 (9, 10). See the Supporting
Information for this data (Table S1, Supporting Information).
Districts 1 (East Coast-Appalachia), 2 (Midwest), 3 (Gulf Coast
and vicinity), and 5 (West Coast, AK, and HI) each refined
diverse crude feeds (19-41 source countries) at multiple
facilities. Smaller, landlocked District 4 (Rocky Mountain
states) refined nondiverse crude feeds (2-3 source countries).

At concentrations 4-8 times those of nitrogen and
160-500 times those of nickel and vanadium, sulfur is the
major process catalyst poison in crude by mass (2, 11). In
addition, for diverse blends of whole crude oils from many
locations and geologic formations, distillation yield, and
asphaltic, nitrogen, nickel, and vanadium content are roughly
correlated with density and sulfur (2, 7). Variability in the
effects of unreported crude feed characteristics on processing
is thus constrained by the density and sulfur content of well-
mixed crude feeds. Mixing analysis suggested that density
and sulfur are reasonably reliable predictors of natural
variability in unreported characteristics for annual crude
feeds processed in Districts 1, 2, 3 and 5 but could not exclude
the potential for unpredicted effects in processing the poorly
mixed District 4 feed (Table S2, Supporting Information).
The District 4 feed also was proportionately higher in
synthetic crude oil (SCO) than those of other districts (Table
S3, Supporting Information), and variant hydrogen produc-
tion that was not predicted by crude feed density was found
in District 4 (Table S4, Supporting Information). SCO may
increase refinery hydroprocessing requirements (12, 13). High
hydrogen capacity coincided with SCO refining in Districts
2 and 4 during 1999-2008, but the effect on refinery energy
was minimal in District 2, while it was significant and more
variable in District 4; other anomalies in the District 4 feed
might cause this effect (Tables S2 and S4, Supporting
Information). For these reasons, District 4 data were excluded
from analysis of refinery observations and used only in
estimates including upgrading for SCO. Districts 1, 2, 3, and
5 accounted collectively for 97% of U.S. refining capacity,
1999-2008. Analysis compared the reported data among
these districts and years for interactions of the variables
defined below.* Corresponding author e-mail: gkatcbe@gmail.com.
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Oil quality (OQ) was defined as the density (d) and sulfur
content (S) of crude feeds in mass per cubic meter (1 m3, 6.29
barrels oil; 264 gallons). The density of crude oils is
proportional to the fraction of higher molecular weight, higher
boiling point, larger hydrocarbon compounds in the oils that
are distilled in a vacuum, then cleaved (cracked) into fuel-
size compounds to make light hydrocarbon fuels. The larger
hydrocarbons have lower hydrogen/carbon ratios that require
hydrogen addition to improve product quality and higher
concentrations of sulfur and other catalyst poisons that are
freed by cracking and bonded with hydrogen to remove them
from the oil and protect process catalysts (2, 11). This
hydrocracking and hydrotreating of gas oil and residua uses
several times more hydrogen than does hydrotreating of
lighter streams such as naphtha (11). These processing
characteristics require increased capacity for vacuum distil-
lation, cracking, and hydroprocessing of gas oil and residua
in refineries designed to make light liquid products from
heavier, higher sulfur crude oils (4, 8, 14).

Crude processing intensity (PI) was thus defined as the
ratio by volume of vacuum distillation capacity, conversion
capacity (catalytic, thermal, and hydrocracking), and crude
stream (gas oil and residua) hydrotreating capacity to
atmospheric crude distillation capacity. These processes
account for the primary processing acting on the crude and
“reduced crude” that Speight distinguishes from secondary
processes acting on product streams such as gasoline,
naphtha, and distillate oils (7). PI measures the increasing
portion of the crude input fed to these processes that is
predicted by worsening OQ (increasing d, S, or both) and
indicates the additional energy needed for heat, pressure,
and reactants such as hydrogen to process those increasing
feed volumes. It also defines an operational distinction
between “crude stream” processing that acts on crude, gas
oils, and residua and the subsequent “product stream”
processing that acts on the unfinished products from crude
stream processing. This distinction was useful in the absence
of reported data for more detailed process-level analyses of
material and energy flows. PI was analyzed with refinery-
level crude feed, fuel, capacity utilization, and product yield
data to verify the refinery process energy predicted by OQ.

Energy intensity (EI) was defined as total refinery process
energy consumed per volume crude feed, based on reported
fuels consumed (Table S1, Supporting Information). Pur-
chased fuels consumed by refiners, such as electric power
from the transmission grid, were included in EI. Energy used
by hydrogen production plants was estimated based on 90%
of production capacity and data for new natural gas-fed steam
methane reforming facilities (10, 15, Table S1, Supporting
Information). EI integrates all factors in refineries that
consume fuel energy, allowing analysis of EI with OQ and
processing to account for refinery capacity utilized and yield.

Effects of variable product slates on refinery energy
consumption were distinguished from those of OQ in five
ways. First, product slate effects on the relationships observed
among crude feed quality, crude stream processing, and
energy were estimated directly. This was done by including
the products ratio, defined as the volume of gasoline,
kerosene, distillate, and naphtha divided by that of other
refinery products, as an explanatory variable in comparisons
of OQ, PI, and EI. Second, the products ratio, combined yield
of gasoline and distillate, and combined yield of petroleum
coke and fuel gas were analyzed with EI and OQ. This
quantified changes in refinery energy with yield and changes
in yield with crude feed quality for key conversion products
and byproducts. Third, energy use was analyzed with product
stream process capacities to estimate changes in EI that could
be explained by changes in product processing rates. Fourth,
effects of product stream processing on energy for hydrogen
were compared with those of crude stream processing by

analyzing hydrogen production capacity with product hy-
drotreating capacity, hydrocracking capacity, and OQ. Finally,
estimated total energy for processing product slates (Eprod-
ucts) was analyzed with OQ. Eproducts was estimated based
on product-specific factors developed by Wang et al. (6) and
yield data (Tables S1 and S5, Supporting Information).
Refinery capacity utilization was included as an explanatory
variable in all comparisons.

Analysis was by partial least squares regression (PLS,
XLSTAT 2009). PLS was used based on the expectation that
explanatory (x) variables may be correlated, the primary
interest in prediction of y (e.g., EI) and a secondary interest
in the weights of x variables (e.g., S and d) in predicting y.
Distributions of PLS residuals appeared normal (Shapiro-
Wilk; Anderson-Darling; Lilliefors; Jarque-Bera tests,R 0.05).

Synthetic Crude Oil (SCO). Coking- and hydrocracking-
based upgrading of bitumen in Western Canada uses energy
to yield SCO that has poor gas oil and distillate qualities but
lower density and sulfur than the bitumen (12, 13). Refinery
crude feeds and energy consumption do not reflect the
original bitumen quality for this SCO or the energy used in
its upgrading. SCO comprised appreciable fractions of annual
crude feeds in Districts 2 (2-8%) and 4 (2-12%), based on
limited estimates that may exclude SCO in some blended oil
streams (Table S3, Supporting Information). Process model-
ing data for energy consumed and density and sulfur lost in
coking- and hydrocracking-based upgrading (16) were ap-
plied to the estimated SCO volume in refinery feeds (Table
S3, Supporting Information). Districts and years were com-
pared for total processing (upgrading and refining) energy
estimated and that predicted by including estimated original
oil quality (d, S) in the prediction mode of the PLS model
based on refinery observations (Table S6, Supporting In-
formation).

Emissions. Emissions were assessed for carbon dioxide
(CO2), the predominant greenhouse gas emitted by refineries
(Table S7, Supporting Information). Direct measurements
for all emission vents were not reported. Observed fuel
consumption and fuel-specific emission factors developed
by the U.S. Energy Information Administration (17, 18) were
used to estimate “observed” emissions, and estimation details
were documented (Table S1, Supporting Information). Fuel
energy consumed ranged more widely among districts and
years than the emission intensity of the fuel mix. Emissions
predicted by OQ were based on EI predicted by OQ results
from PLS and the emission intensity of the fuel mix. Observed
and predicted emissions were compared among districts and
years by PLS. Emissions estimates by government agencies
(5, 19-21) that could be matched to data for OQ were
superimposed on this comparison by including their OQ and
predicted EI values in the prediction mode of the PLS models
for the districts data (Tables S8 and S9, Supporting Informa-
tion).

For heavy oil and natural bitumen, OQ data reported by
the U.S. Geological Survey (2) and the average (1999-2008)
U.S. refinery capacity utilization and products ratio were
used in the prediction mode of the PLS model for observed
EI versus OQ to predict EI (Table S8, Supporting Information).
Predicted emissions from heavy oil and natural bitumen were
derived from the products of these EI predictions (95%
confidence for observations) and the emission intensity of
the average (1999-2008) U.S. refinery fuel mix.

Results
Figure 1 shows results from comparisons of OQ, PI, and EI
among districts and years from 1999 to 2008. Observed OQ
ranges by 7.85 kg/m3 crude feed (kg/m3) for S and 37.6 kg/m3

for d. Observed PI ranges by 0.42, or 42% of atmospheric
crude distillation capacity. Observed EI ranges by 1.89 GJ/
m3 crude feed. PI is strongly and positively associated with
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worsening OQ (increasing d, S, or both). EI is strongly and
positively associated with worsening OQ and increasing PI.
EI increases by approximately 44 MJ/m3 for each 1 kg/m3 d
and 61 MJ/m3 for each 1 kg/m3 S based on the PLS regression
analysis for EI versus OQ. The equation of the model (EI vs
OQ) can be expressed as

where EI is the central prediction in GJ/m3, d is in kg/m3, S
is in kg/m3, capacity utilized is in percent, products ratio is
expressed as a quotient, and the last term is the coefficient
for the intercept.

Table 1 shows additional results from analysis of refinery
observations. PI increases strongly with d and S (95%
confidence for observations). EI increases strongly with d
and S and with vacuum distillation, conversion, and crude
stream hydrotreating capacities. Hydrogen production ca-
pacity increases strongly with d and hydrocracking capacity.
Sulfur recovery capacity increases strongly with S. These
observations describe increasing portions of crude feeds
processed by crude stream capacity and resultant effects on
total refinery energy consumption as crude density and sulfur
content increase.

In contrast to crude stream processing, except for cracking
byproducts and two processes that treat them, product slate
indicators are not significant or decrease with increasing OQ
and EI. The products ratio is not significant in the strong
relationships among EI, PI, and OQ, perhaps in part because

light liquids yield is less variable than S or EI among these
districts and years. However, the ratio of light liquids to other
products decreases with increasing d (products ratio vs OQ)
and EI (EI vs products processing), and yield shifts, from
gasoline and distillate to coke and fuel gas, as OQ worsens
and EI increases.

Products processing reflects this shift from light liquids
to cracking byproducts. Product stream hydrotreating,
reforming, asphalt, aromatics, and polymerization/dimer-
ization capacities decrease as EI increases. Those five
processes account for 83-90% of total product stream
processing capacity among districts (Table S1, Supporting
Information). Among products processes, only alkylation and
isomerization (7-13% of products capacity), which receive
light streams from conversion processes, are positively
associated with EI. Product hydrotreating cannot explain the
observed increase in hydrogen production with increasing
d. Estimated refinery energy use for products processing
(Eproducts) decreases with increasing d. These results appear
to measure the decreasing fraction of crude inputs converted
to light liquid product streams and increasing creation of
cracking byproducts such as coke and fuel gas that result
from incomplete conversion as crude feed density and sulfur
increase.

A weak inverse association of hydrogen production with
product hydrotreating capacity (Table 1) results from a strong
increase in H2 capacity with d and hydrocracking, a steady
decrease in the hydrotreating/hydrocracking ratio with
increasing H2 capacity, and lower hydrotreating at high

FIGURE 1. Increasing crude processing intensity and energy intensity with worsening oil quality. OQ: Crude feed oil quality. PI:
Crude processing intensity. EI: Refinery energy intensity. Observations are annual weighted averages for districts 1 (yellow), 2 (blue),
3 (orange), and 5 (black) in 1999-2008. Diagonal lines bound the 95% confidence of prediction for observations.

EI ) 0.044d + 0.061S + 0.010(Capacity utilized) -
0.159(Products ratio) - 35.092 (1)
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H2 capacity among these districts and years (Figure S1,
Supporting Information). Refinery capacity utilization was
not significant in the effects of OQ on EI and affected the
relationships between PI and OQ and between PI and EI
only marginally, possibly because capacity utilization varied
little among districts and years (Table S1, Supporting
Information). Significant capacity utilization results are
consistent with marginally increased energy consumption
and decreased flexibility to process lower quality crude when
refineries run closer to full capacity.

Rough estimates including the energy, d, and S lost in
bitumen upgrading for SCO refined reveal greater effects of
total processing for crude feeds refined in Districts 2 and 4
and follow the relationships observed in refining (Figure 2).
Estimated total processing energy falls within the prediction
based on OQ from refinery observations in 43 of 50 cases and
exceeds the 95% confidence of prediction by more than 2%
only in two cases explained by District 4 hydrogen anomalies
discussed above. Oil quality-energy relationships observed
in refining can predict those for total processing because
upgrading and refining use similar carbon rejection, hydrogen
addition, and utility technology.

Emissions calculated from observed fuels consumed are
strongly and positively associated with EI predicted by OQ
(Table 1) and range by 39%, from 257 to 358 kg/m3 crude

feed (Figure 3). Observed emissions fall within the 95%
confidence of prediction based on OQ in 36 of 40 cases and
are within 3% of the confidence of prediction in all cases.
Despite emission differences among fuels, the fuel mix is not
significant in this prediction. The emission intensity of the
fuel mix varies much less than EI and decreases slightly with
decreasing petroleum coke contributions and a shift in
cracking processes as EI, d, and S increase (Table S1 and
Figure S1, Supporting Information). Refinery emission
estimates by government agencies that could be matched to
OQ differ from each other by as much as 12-30% but fall
within 2% of the central prediction based on OQ or within
4% of its confidence interval (5, 19-21, Table S8, Supporting
Information). The 2008 San Francisco Bay Area estimate in
Figure 3 (360 kg/m3) is close to estimated 2008 California
refinery emissions (354 kg/m3) (21), for which matching OQ
data were not available. California gasoline and diesel
production may account for 56% (197.2 kg) and 22% (78.7
kg) of this 354 kg/m3, respectively, based on fuel-specific
estimates for the average California crude feed (21-23, Table
S8, Supporting Information).

Predictions for heavy oil (957.4 kg/m3 d; 27.8 kg/m3 S)
and natural bitumen (1 033.6 kg/m3 d; 45.5 kg/m3 S) (USGS
average) (2) reflect their low quality compared with crude
feeds observed (Figure 1). On the basis of the PLS model for

TABLE 1. Results from Refinery Crude Feed Quality, Processing, Energy, Yield, and Emission Comparisonsa

effects of crude feed oil quality (OQ)

standardized coefficients of x variables (coeff)

y vs x R 2 density sulfur cap. utilized products ratio

process intensity (PI) vs OQ 0.94 0.73 0.42 0.09 -0.02
energy intensity (EI) vs OQ 0.90 0.80 0.23 0.05 -0.10
hydrogen production vs OQ 0.91 1.09 -0.01 0.05 0.35
sulfur recovery vs OQ 0.94 -0.01 0.95 -0.06 -0.15
pet. coke + fuel gas vs OQ 0.95 0.80 0.34 -0.04
gasoline + distillate vs OQ 0.75 -0.85 -0.07 -0.04
products ratio vs OQ 0.26 -0.40 -0.12 0.17
Eproducts vs OQ 0.74 -0.61 0.13 0.49

effects of oil quality (OQ) and fuels on CO2 emissions

standardized coefficients of x variables (coeff)

y vs x R 2 EI predicted by OQ fuel mix emission intensity

observed vs predicted CO2 0.85 0.88 -0.04

effects of processing and products yield

y vs x R 2 coeff. y vs x R 2 coeff.

EI vs PI 0.92 EI vs yield 0.93
vacuum distillation 0.35 pet. coke + fuel gas 0.59
conversion capacity 0.35 gasoline + distillate -0.42
csHydrotreating 0.22 capacity utilized -0.01
capacity utilized -0.16 products ratio -0.02
products ratio -0.14

EI vs psProcessing 0.91
H2 production vs hydrocracking 0.97 psHydrotreating -0.17
hydrocracking 1.02 reforming -0.19
capacity utilized -0.06 asphalt -0.30
products ratio 0.14 aromatics -0.33

polym./dimerization -0.25
H2 production vs product-stream hydrotreating lubricants 0.04

0.18 alkylation 0.30
psHydrotreating -0.33 isomerization 0.24
capacity utilized -0.09 capacity utilized -0.06
products ratio -0.17 products ratio -0.33

a R-squared values and standardized coefficients from PLS regressions on annual data from refining districts 1, 2, 3 and
5, 1999-2008. Boldface: significant at 95% confidence. Eproducts: estimated energy use to process a given product slate.
Prefix cs (ps): crude stream (product stream) processing.
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observations from Districts 1, 2, 3, and 5 (EI vs OQ) and the
emission intensity of the U.S. refinery fuel mix (73.8 kg/GJ),
processing the range of heavy oil/bitumen blends could use
8.23-14.13 GJ/m3 fuel (Table S8, Supporting Information)
and emit 0.61-1.04 t/m3 CO2.

Discussion
Strongly coupled increases in energy and crude stream
processing intensities with worsening oil quality (Figure 1)
describe energy for carbon rejection, aggressive hydrogen
addition, and supporting processes acting on larger portions
of heavier, higher sulfur crude feeds to yield light liquid
product streams. The creation of cracking reaction byprod-
ucts that limits conversion of heavier oils to light liquid

product streams is observed in the shift from gasoline and
distillate to coke and fuel gas yield as OQ worsens and EI
increases. Observed decreases in light liquids yield and most
major product stream processes as EI increases are consistent
with this rising reliance on incomplete conversion. Differ-
ences in product slates cannot explain increasing EI as OQ
worsens because capacities of processes comprising 83-90%
of product stream processing capacity decrease as EI
increases, and estimated energy use for products processing
decreases as OQ worsens. Hydrogen production increases
with crude density and hydrocracking. EI drives emissions
variability. OQ predicts 94% of PI, PI predicts 92% of EI, and
OQ predicts 90% of EI and 85% of emissions variability. These
observations from operating plants across the four largest
U.S. refining districts over 10 years provide evidence that
crude feed density and sulfur content predict processing,
energy, and CO2 emission intensities for large groups of
refineries with diverse feeds.

Slight, unexpected decreases in product hydrotreating at
high hydrogen production and in fuel mix emission intensity
with increasing d and S can be explained by a coincident
shift from hydrotreating and catalytic cracking to hydroc-
racking with worsening OQ. Refiners can substitute hydro-
cracking for hydrotreating and catalytic cracking to some
extent. OQ, along with other factors beyond this study scope,
may influence those business decisions.

Energy increments predicted by density (44 MJ/kg) and
sulfur (61 MJ/kg) in crude feeds (eq 1) compare to energy
inputs of 40-70 MJ/kg density (including sulfur) lost from
bitumen upgrading for SCO, based on process modeling of
coking- and hydrocracking-based upgraders ((16), Table S6,
Supporting Information). At an energy cost of 16.4 MJ/m3

(Table S1, Supporting Information), hydrogen for density
reduction by hydrocracking could account for 44 MJ/kg,
based on the H2/oil feed ratio of 308 m3/m3 Robinson and
Dolbear report for 22°API feed and 44°API yield (11).

Results help to explain differences among government
estimates of refinery emissions (Figure 3) and support the
high case fuel cycle emission increments from a switch to
heavy and tar sands oils reported for gasoline by Brandt and
Farrel (+40%) (3) and for diesel by Gerdes and Skone (+17%)
(4). Predicted emissions from processing heavy oil/natural
bitumen blends (0.61-1.04 t/m3) are 2-3 times the average
of observed and estimated emissions in Figure 3 (0.30 t/m3).
Assuming this 0.30 t/m3 refining average and 2007 world
petroleum emissions (11.27 Gt) (24) as a baseline, processing
heavy oil/bitumen blends at 2009 world refining capacity
(5.06 × 109 m3) (10) could increase annual CO2 emissions by
1.6-3.7 gigatons and total petroleum fuel cycle emissions by
14-33%.Extractionemissionswouldaddtothesepercentages.

This prediction applies to average CO2 emissions from
large, multiplant refinery groups with diverse, well-mixed
crude feeds and appears robust for that application. However,
the method used here should be validated for other ap-
plications. If it is applied to different circumstances, the
potential for significantly different product slates, poorly
mixed crude feeds, synthetic crude oil impacts on refining,
and effects on fuel mix emission intensity and hydrotreating
resulting from choices among carbon rejection and hydrogen
addition technologies should be examined.

Several issues suggest future work. Other properties of
crude feeds and incremental efficiencies from modernization
of equipment and catalyst systems might explain up to 10%
of the variability in EI observed among U.S. refining districts
and years and could be more important for single plants and
nondiverse crude feeds. Burning more fuel to refine lower
quality oil emits toxic and ozone-precursor combustion
products along with CO2. Pastor et al. estimate that refinery
emissions of such “co-pollutants” dominate health risk in
nearby communities associated with particulate matter

FIGURE 2. Estimated process energy for bitumen upgrading and
refining versus that predicted by oil quality (GJ/m3 crude),
1999-2008. OOQ: original oil quality including bitumen quality
for synthetic oil inputs. Black diamonds: District 2. Black
squares: District 4. Black circles: Districts 1, 3, and 5. White
diamonds (squares): District 2 (District 4) refinery energy and
oil quality only. Diagonal lines bound the 95% confidence of
prediction for refinery observations.

FIGURE 3. Refinery CO2 emission intensity observed versus
predicted by oil quality. OQ: Oil quality. Black circles: District
1, 2, 3, or 5 annually, 1999-2008. Black diamonds: United States
in 2002, 2005, 2006, 2007. Black square: San Francisco Bay Area
in 2008. Diagonal lines bound the 95% confidence of prediction
for observations. R2 value shown is for the comparison among
districts and years.
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emitted by the largest industrial sources of greenhouse gases
in California and identify racial disparities in this risk as
important in emission assessment (25). Better facility-level
OQ data could improve local-scale pollutant assessment.
Better crude quality predictions could improve energy, and
climate protection, forecasts. Assessments of the need, scope,
and timing for transition to sustainable energy should account
for emissions from lower quality oil.
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Executive Summary
Statewide, oil refineries in California emit 
19–33% more greenhouse gases (GHG) 
per barrel crude refined than those in any 
other major U.S. refining region.  

For this report we gathered nationwide 
refinery data and new California-specific 
data to analyze refinery emission intensity 
in California.  The goal of the analysis is 
to compare and evaluate the factors driv-
ing the relatively high emission intensity 
of California refineries.

Petroleum process engineering knowl-
edge was applied to identify factors that 
affect refinery emission intensity.  Data 
on these causal factors from observations 
of real-world refinery operating condi-
tions across the four largest U.S. refining 
regions and California was gathered for 
multiple years.  Those data were analyzed 
for the ability of the factors and combi-
nations of factors to explain and predict 
observed refinery emission intensities.  

This report summarizes our findings.   

Crude feed quality drives refinery     
energy and emission intensities.
Making gasoline, diesel and jet fuel from 
denser, higher sulfur crude requires put-
ting more of the crude barrel through 
aggressive carbon rejection and hydrogen 
addition processing.  That takes more 
energy.  Burning more fuel for this energy 
increases refinery emissions.

Differences in refinery crude feed density 
and sulfur content explain 90–96% of 
differences in emissions across U.S. and 
California refineries and predict average 
California refinery emissions within 1%, 
in analyses that account for differences in 
refinery product slates.

Analysis of other factors confirms that 
crude quality drives refinery emissions.
Total fuel energy burned to refine each 
barrel—energy intensity—correlates with 
crude quality and emissions, confirming 
that the extra energy to process lower 
quality crude boosts refinery emissions.   
Dirtier-burning fuels cannot explain ob-
served differences in refinery emissions; 
the same refining by-products dominate 
fuels burned by refineries across regions.

Increasing capacity to process denser and 
dirtier oils enables the refining of lower 
quality crude and correlates with refinery 
energy and emission intensities when all 
data are compared, confirming the link 
between crude quality and energy inten-
sity.  But some of this “crude stream” pro-
cessing capacity can be used to improve 
the efficiency of other refinery processes, 
which causes processes to emit at differ-
ent rates, and process capacity does not 
predict refinery emissions reliably.

As refinery crude feed quality and emis-
sions increase, gasoline, distillate and 
jet fuel production rates change little, 
and in some cases gasoline and distillate 
yield declines slightly.  Product slates do 
not explain or predict refinery emissions 
when crude quality is not considered.

An ongoing crude supply switch could 
increase or decrease California refinery 
emissions depending on what we do now. 
Ongoing rapid declines of California re-
fineries’ current crude supplies present the 
opportunity to reduce their emissions by 
about 20% via switching to better quality 
crude—and the threat that refining even 
denser, dirtier crude could increase their 
emissions by another 40% or more.
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Purpose, scope, and approach 
We set out to identify the main fac-
tors driving the high carbon intensity of 
California’s refining sector.  This proj-
ect evaluates factors that drive refinery 
emissions, so that one can identify oppor-
tunities for preventing, controlling, and 
reducing those emissions.

Analysis focuses on carbon dioxide (CO2) 
emissions from fuels refineries in Cali-
fornia.  This reflects known differences 
between fuels refining and asphalt blow-
ing, and the recognition that CO2 domi-
nates the total global warming potential 
of GHG (CO2e) emitted by oil refining 
(1–3).  CO2 emissions from fuels refining 
account for 98–99% of 100-year horizon 
CO2e mass emitted by oil refining in Cali-
fornia (2, 3).

The scope includes emissions at refineries 
and from purchased fuels consumed by 
refineries.  (Many refiners rely on hy-
drogen or steam from nearby third-party 
plants and electricity from the public grid; 
ignoring that purchased refinery energy 
would result in errors.)  This focus ex-
cludes emissions from the production and 
transport of the crude oil refined and from 
the transport and use of refinery products.  
That allows us to isolate, investigate, and 
measure refinery performance.  

At the same time, oil refining is a key 
link in a bigger fuel cycle.  Petroleum is 
the largest GHG emitter among primary 
energy sources in the U.S., the largest oil 
refining country, and in California, the 
refining center of the U.S. West (3–5).  
So the “boundary conditions” used here, 
while appropriate for the scope of this 
report, are too narrow to fully address the 
role of oil refining in climate change.  

Analysis of key factors driving emissions 
is based on data from observations of 
refineries in actual operation.  This ap-
proach differs from those that use process 
design parameters to generate data inputs, 
which are then analyzed in computer 
models constructed to represent refinery 
operations.  This “data-oriented” ap-
proach avoids making assumptions about 
processing parameters that vary in real-
world refinery operation.  It also more 
transparently separates expected causal 
relationships from observations.  

However, this approach is limited to 
available publicly reported data.  We use 
a ten-year data set encompassing 97% of 
the U.S. refining industry that was gath-
ered and validated for recently published 
work (2) as our comparison data.  We 
had to gather and validate the California 
refinery data ourselves (4, 6–30).  The 
comprehensive six-year statewide data 
for California refining and facility-level 
2008–2009 data we analyze are presented 
in one place for the first time here (31).

A recently published study used national 
data to develop a refinery emission inten-
sity model based on crude feed density, 
crude feed sulfur content, the ratio of 
light liquids to other refinery products, 
and refinery capacity utilization (2).  This 
report builds on that published analysis 
using California data.  

For a more formal presentation of the 
analysis, the raw data, and data documen-
tation and verification details, please see 
the technical appendix to this report. 
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Emissions intensity—higher in 
California
California refineries emit more CO2 per 
barrel oil refined than refineries in any 
other major U.S. refining region.  

Figure 1 compares California with other 
major U.S. refining regions based on 
emissions intensity—mass emitted per 
volume crude oil refined.  Crude input 
volume is the most common basis for 
comparing refineries of different sizes 
generally (4), and it is a good way to 
compare CO2 emissions performance 
among refineries as well (2). 

Consider the emissions part of emissions-
per-barrel for a moment.  This measure-
ment is fundamental to refinery emissions 
performance evaluation.  We need to 
know where it comes from and if we can 
trust it.  

The bad news: many refinery emission 
points are not measured.  Instead, mea-
surements of some sources are applied 
to other similar sources burning known 
amounts of the same fuels to estimate 
their emissions.  This “emission factor” 
approach makes many assumptions and 
has been shown to be inaccurate and un-
reliable for pollutants that comprise small 
and highly variable portions of industrial 
exhaust flows.  The best practice would 
directly measure emissions, and apply 
emissions factors only until direct mea-
surements are done.  

The good news, for our purpose here, 
is that the emissions factor approach 
is prone to much smaller errors when 
applied to major combustion products 
that vary less with typical changes in 
combustion conditions, like CO2.  This 
means that in addition to being the best 
information we have now, the emission 

factor-based “measurements” we use here 
for CO2 (2, 8, 30, 31) are relatively accurate 
as compared with some other refinery 
emissions “measurements” you might see 
reported. 

Thus, the substantial differences in refin-
ery emissions intensity shown in Figure 
1 indicate real differences in refinery 
performance.  They demonstrate extreme-
high average emissions intensity in Cali-
fornia.  They suggest that other refineries 
are doing something California refineries 
could do to reduce emissions.  The big 
question is what causes such big differ-
ences in refinery emissions.  
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Figure 1. Average refinery emissions       
intensity 2004–2008, California vs other 
major U.S. refining regions.  Emissions 
from fuels consumed in refineries including 
third-party hydrogen production.  PADD: Pe-
troleum Administration Defense District.
Data from Tech. App. Table 2-1 (31).



Energy intensity—the proximate 
cause of high emissions intensity
California refineries are not burning a 
dirtier mix of fuels than refineries in other 
U.S. regions on average.  Their high 
emissions intensity comes from burning 
more fuel to process each barrel of crude.  
During 2004–2008 refineries in California 
consumed 790–890 megajoule of fuel per 
barrel crude refined, as compared with 
540–690 MJ/b in other major U.S. refin-
ing regions (PADDs 1–3) (31).    

This is consistent with recent work show-
ing that increasing energy intensity that 
causes refineries to consume more fuel, 
and not dirtier fuels, increases emissions 
intensity across U.S. refining regions 
(2).  Increasing fuel energy use per barrel 
crude refined—increasing energy intensi-
ty—is the proximate cause of increasing 
average refinery emissions intensity.

Looking at where refineries get the fuels 
they burn for energy helps to explain 
why energy intensity, and not dirtier fuel, 
drives the differences in refinery emis-
sions intensity we observe.

The fuel mix shown for California refin-
eries in Figure 2 is dominated by refinery 
fuel gas, natural gas, and petroleum coke 
just like in other U.S. refining regions.  
Coke and fuel gas burn dirtier than natu-
ral gas but are self-produced, unavoid-
able by-products of crude oil conversion 
processing that are disposed or exported 
(32) to be burned elsewhere if refineries 
don’t burn them.  Natural gas is brought 
in when refinery energy demand increases 
faster than coke and fuel gas by-produc-
tion.  The net effect is that emission per 
MJ fuel consumed does not change much 
as refinery energy intensity increases and 
demands more fuel per barrel processed.
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Data from Tech. App. (31).



The root cause—making motor 
fuels from low quality crude
Making motor fuels from denser, more 
contaminated crude oil increases refinery 
energy intensity.

A hundred years ago the typical U.S. 
refinery simply boiled crude oil to sepa-
rate out its naturally occurring gasoline 
(or kerosene) and discarded the leftovers.  
Not any more.  Now after this “distilla-
tion” at atmospheric pressure, refiner-
ies use many other processes to further 
separate crude into component streams, 
convert the denser streams into light liq-
uid fuels, remove contaminants, and make 
many different products and by-products 
from crude of varying quality (1, 2)  But 
even complex refineries still make crude 
into motor fuels by the same steps: sepa-
ration; conversion; contaminant removal, 
product finishing and blending.  

The middle steps—conversion, and        
removal of contaminants that poison pro-
cess catalysts—are the key to the puzzle.

Making light, hydrogen-rich motor fuels 
from the carbon-dense, hydrogen-poor 
components of crude requires rejecting 
carbon and adding hydrogen (1, 2, 16, 25).  
This requires aggressive processing that 
uses lots of energy.  Refiners don’t have 
to make gasoline, diesel and jet fuel from 
low quality crude, but when they decide 
to do so, they have to put a larger share of 
the denser, dirtier crude barrel through en-
ergy-intensive carbon rejection, hydrogen 
addition, and supporting processes.  That 
aggressive processing expands to handle 
a larger share of the barrel even when the 
rest of the refinery does not.

Figure 3 illustrates this concept: Refiner-
ies A and B make fuels from the same 
amounts of crude but Refinery B runs low

quality crude.  Their atmospheric distil-
lation capacities are the same, but more 
of the low quality crude goes through 
expanded carbon rejection and aggressive 
hydrogen addition processing at Refinery 
B.  The extra energy for that additional 
processing makes Refinery B consume 
more energy per barrel refined.
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Figure 3. Simple refinery block diagram. 
Aggressive processing (vacuum distillation, 
cracking, and aggressive hydroprocessing) 
acts on a larger portion of the total crude 
refined to make fuels from low quality crude.  
Figure reprinted with permission from Com-
munities for a Better Environment.

In fact, as crude feed quality worsens 
across U.S. refining regions, the average 
portion of crude feeds that can be handled 
by refiners’ vacuum distillation, conver-
sion and aggressive hydrogen addition 
processes combined increases by more 
than 70%, from 93–167% of refiners’ at-
mospheric crude distillation capacity (31).



California refineries have more of this 
aggressive processing capacity on av-
erage than refineries in any other U.S. 
region.  Of the five major “crude stream” 
processes that act on the denser, more 
contaminated streams from atmospheric 
distillation (vacuum distillation, coking, 
catalytic cracking, hydrocracking, and 
hydrotreating of gas oil and residua), 
California refineries stand out for four.  
(Figure 4.)  Meanwhile, consistent with 
the example described above, average 
California product hydrotreating and re-
forming capacities are similar to those of 
other U.S. refining regions.

Vacuum distillation boils the denser 
components of crude in a vacuum to feed 
more gas oil into carbon rejection and 
hydrogen addition processing.  Conver-
sion capacity (thermal, catalytic and hy-
drocracking capacity) breaks denser gas 
oil down to lighter motor fuel-type oils.  
Hydrocracking and hydrotreating of gas 
oil and residua are aggressive hydrogen 
addition processes.  They add hydrogen to 
make fuels and remove sulfur and other 
refinery process catalyst poisons. 

This aggressive hydroprocessing uses 
much more hydrogen per barrel oil pro-
cessed than product hydrotreating (25), 
especially in California refineries (Fig. 5).   
That is important because refiners get 
the extra hydrogen from steam reform-
ing of natural gas and other fossil fuels at 
temperatures reaching 1500 ºF, making 
hydrogen plants major energy consumers 
and CO2 emitters (2, 26, 28, 29, 33, 37).

Hydrogen production increases with 
crude feed density and hydrocracking 
rather than product hydrotreating across 
U.S. refineries (2), and is higher on 
average in California than in other U.S. 
regions (31).

Figure 5. Hydrogen use for hydroproces-
sing various feeds, California refineries, 
1995 and 2007.  Figure from CBE (33). 
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Figure 4. Refinery process capacities at 
equivalent atmospheric crude capacity, 
PADDs 1–3 and California (5-yr. avg.) (31).



Observations of operating refineries 
across the U.S. and California reveal the 
impact of crude quality on refinery energy 
and emission intensities.  Crude feed den-
sity increases from Midwest Petroleum 
Administration Defense District (PADD) 
2 on the left of Figure 6 to California 
on the right.  Refinery energy intensity 
increases steadily with crude feed density.  
Crude stream processing capacity also in-
creases with crude density, reflecting the 
mechanism by which refineries burn more 
fuel for process energy to maintain gaso-
line, diesel and jet fuel yield from lower 
quality oil.  As a result, refinery output of 
these light liquid products stays relatively 
flat as crude density increases.

Figure 7 shows comparisons of the same 
nationwide data using nonparametric 
analysis to account for potential nonlin-
ear relationships among causal factors.  
Crude feed density (shown) and sulfur 
content (not shown) can explain 92% of 
observed differences in refinery emissions 
(Chart A).  Together with the light liquids/
other products ratio, crude feed density 
and sulfur content can explain 96% of 
observed differences in emissions (Chart 
B).  Increasing crude stream processing 
capacity (Chart C) confirms the mecha-
nism for burning more fuel energy to 
process denser, higher sulfur crude.  

The ratio of light liquids to other prod-
ucts does not explain refinery emission 
intensity (Chart D).  This is consistent 
with recently published work showing 
that the products ratio was not significant 
in the strong relationships among refinery 
energy intensity, processing intensity, and 
crude quality (2).  Differences in refinery 
products alone cannot provide an alterna-
tive explanation for the large differences 
in refinery emissions that are observed.

But the same differences in product slates 
that affect emissions only marginally 
(compare charts A and B) may be more 
strongly related to processing capac-
ity.  PADDs 1 and 5 produce less light 
liquids than other regions that refine 
similar or denser crude (compare charts 
B and D), which should require margin-
ally less crude stream processing capacity 
in PADDs 1 and 5.  Consistent with this 
expectation, PADD 1 and PADD 5 data 
are shifted to the left in Chart C relative 
to their positions in Chart A.  Conversely, 
California maintains light liquids produc-
tion despite refining denser crude than 
that refined elsewhere, and the California 
data are shifted to the right in Chart C.  
These shifts are independent from any 
similarly large difference in observed 
emissions—the data shift horizontally 
while emission intensity changes verti-
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Figure 6. Average energy intensity (MJ/b), 
crude stream processing capacity (% atm. 
distillation capacity), and light liquids 
yield (% crude) by refining region.  East 
Coast PADD 1, 1999–2008 (yellow).  Mid-
west PADD 2, 1999–2008 (blue).  Gulf Coast 
PADD 3, 1999–08 (red).  West Coast PADD 
5, 1999-2003 (black). California, 2004–2009 
(orange).  Data from Tech. App. Table 2-1.



cally in Chart C—so that at least some of 
the differences in process capacity do not 
reflect real differences in emissions.

Thus, observations of operating refineries 
across U.S. regions and California dem-
onstrate the impact of crude quality on re-
finery CO2 emission intensity.  However, 

while it can enable the refining of lower 
quality crude, processing capacity does 
not equate to emissions intensity, because 
it can be used in different ways to target 
different product slates, which could re-
quire different process energy inputs, and 
thus emit at different rates.
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Figure 7. Comparison of refinery emission intensity drivers.  Results from nonparametric 
regression analyses comparing emission intensity with crude feed quality (density, shown; and 
sulfur, not shown; see Chart A); crude quality and light liquids/other products ratio (B); crude 
stream processing capacity (C); and products ratio (D).  All comparisons account for refinery 
capacity utilization.  Circle [diamond]: annual average observation [prediction] for PADD 1 1999-
2008 (yellow), PADD 2 1999–2008 (blue), PADD 3 1999–2008 (red), PADD 5 1999–2003 (black), 
and California 2004–2009 (orange). Data from Technical Appendix tables 2-1, 2-10.
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Drivers of refinery CO2 intensity:  assessing correlations
The petroleum process engineering logic 
and comparisons of refineries in real-
world operation documented above sug-
gest the following model for interactions 
of the major factors affecting refinery 
CO2 emission intensity:

• Making lower quality crude into light 
liquid fuels consumes more energy and 
this increases refinery emissions.

• Differences in fuels product slates alone 
cannot explain differences in emissions 
when crude quality is not considered.  
However, light liquids yield that is high 
or low relative to crude feed quality 
may reflect differences in crude stream 
processing capacity and its relationship 
to energy and emission intensities.

• Crude stream processing capacity can 
be used to refine lower quality crude, 
make more light liquid fuels from crude 
of a given quality, and/or treat other pro-
cess feeds.  Different uses of this pro-
cessing capacity may consume energy 
and emit CO2 at different rates.

If this model is correct, crude quality and 
fuels products should be able to predict 
refinery emission intensity.  Further, 
crude quality and products should predict 
emission intensity better than either refin-
ery products or processing capacity alone.  
The following analyses test this hypoth-
esis by predicting California refinery 
emissions based on U.S. refinery data.

Unlike the comparison analyses shown 
in Figure 7, these predictive analyses use 
all of the U.S. data and only some of the 
California data: the California refinery 
energy and emission intensity observa-
tions are withheld.  Because the resultant 
analyses do not “know” the California 
emissions that are actually observed, 

their results represent true predictions 
of California refinery emissions.  Those 
predictions can then be compared with 
the emissions actually observed to test the 
ability of products output, process capac-
ity, and crude quality along with products, 
to predict California refinery emissions.

This model is taken from previously 
published work that showed crude quality 
and fuels produced resulted in reasonably 
accurate predictions (2).  However, the 
new California data analyzed for the first 
time here reveal new extremes of high 
crude feed density, crude stream process-
ing capacity, and refinery energy and 
emission intensities (31).  At the same 
time, while light liquids yields and crude 
stream processing capacities are slightly 
lower relative to crude feed density 
among some of the previously analyzed 
U.S. data, those yields and capacities are 
slightly higher in California.  (Discussion 
of Fig. 7 above.)  For all of these reasons 
its ability to predict California refinery 
emissions based on the nationwide data 
represents a good test of this model.

Refinery products alone
Total light liquids yield varies little (Fig-
ure 6) and the light liquids/other products 
ratio cannot explain differences in refin-
ery emissions (Figure 7).  However, gaso-
line, distillate diesel, and kerosene jet fuel 
are made in different ways that may con-
sume energy and emit at different rates 
(16, 28, 33–38).  Analyzing differences in 
the relative amounts of individual fuels 
produced instead of only their lump-sum 
could provide more information about 
the relationship of refinery products and 
emissions.  Therefore we test whether the 
mix of gasoline, distillate, and kerosene 



jet fuel produced—the “fuels products 
mix”—can predict refinery emissions.

U.S. refinery emissions line up with the 
mix of fuels produced but decrease as the 
portion of refinery emissions caused by 
differences in fuels produced increases 
(compare charts A and B in Figure 8).  
This counter intuitive result is caused by 
decreasing gasoline and distillate yields 
as crude feed density increases (2) that 
are reflected in lower light liquid yields 
as emissions increase among U.S. PADDs 
(Figure 7).  In addition, consistent with 
the small differences in yields shown in 
Figure 6, the range of emissions from dif-
ferences fuels products yields (~10 lb/b) 
is small compared with that of observed 
refinery emissions (~50 lb/b; Chart 8-B). 

Observed California refinery emissions 
exceed those predicted based on the fuels 
products mix by 15–31% annually and by 
a six-year average of 22%.  This predic-
tion error results from equating California 
to other regions that have a similar mix of 
fuels yields but lower refinery emissions.  
These results show that fuels product 
slates cannot explain or predict refin-
ery emissions when crude quality is not 
considered, further supporting effects of 
crude quality on refinery emissions. 

Processing capacity alone
This analysis tests the ability of crude 
stream processing capacity—equivalent 
capacities for vacuum distillation, conver-
sion (thermal, catalytic and hydrocrack-
ing), and gas oil/residua hydrotreating 
relative to atmospheric crude distillation 
capacity—to predict refinery emissions.  
Although products processing or refinery 
wide processing equivalent capacities 
provide alternative measurements of re-
finery “complexity” (Figure 4), crude

10

       Refinery CO2 Performance Measurement   CBE–UCS Final Report

Figure 8. Refinery emission intensity vs 
gasoline, distillate, and kerosene jet fuel 
yields.  Prediction for California (2004–2009) 
by partial least squares regression on U.S. 
data (1999–2008; R2 0.94).  Circle [diamond]: 
annual average observation [prediction] for 
PADD 1 (yellow), 2 (blue), 3 (red), 5 (black), 
or California (orange).  Differences in the 
mix of these products among U.S. PADDs 
correlate with refinery emissions (Chart A) 
that cannot be explained by emissions from 
producing the products alone (Chart B) and 
do not predict California refinery emissions.  
Gasoline, distillate, and kerosene production 
CO2 estimates (46.0, 50.8, 30.5 kg/b respec-
tively) from NETL (28).  All other data from 
Technical Appendix tables 1-5, 2-1.
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Figure 9. Emission intensity vs vacuum 
distillation, conversion, and gas oil/residua 
hydrotreating equivalent capacities.  Predic-
tion for California (2004–2009) by partial least 
squares regression on U.S. data (1999–2008; 
R2 0.92).  Black circle [orange diamond]: an-
nual avg. for PADD 1, 2, 3 or 5 [California]. 
Chart A: Prediction based on observed data.  
Chart B: Identical to Chart A analysis except 
that California gas oil hydrotreating data are 
replaced by the lowest equivalent capacity 
observed among all these regions and years.  
Hydrotreating gas oil can improve other pro-
cess efficiencies, so Chart B shows a plau-
sible hypothetical example of why process 
capacity does not predict California emis-
sions. Data from Tech. App. tables 1-3, 2-1.  

stream processing capacity enables refin-
ing of lower quality crude and explains 
refinery energy and emission intensities 
when all data are compared while prod-
ucts processing and refinery wide capaci-
ties do not (2, Figure 7, Tech. Appendix).

Chart A in Figure 9 shows results for the 
prediction of California refinery emission 
intensity based on crude stream process-
ing capacity.  Although it can explain dif-
ferences in emissions (observed PADDs 
emissions included in analysis), the 
prediction based on crude stream process-
ing alone (observed California emissions 
excluded from analysis) exceeds observed 
emissions by 13–22% and by a six-year 
average of 17%.

This prediction error can be explained 
by refiners using processing capacity in 
different ways.  In California, equivalent 
capacities for coking, hydrocracking and 
gas oil/residua hydrotreating exceed those 
of other U.S. regions (Figure 4), and total 
crude stream processing capacity exceeds 
atmospheric distillation capacity by an 
average of 67% (Figure 6), indicating 
uniquely greater capacity for serial pro-
cessing of the same oil in multiple crude 
stream processes.  That serial process-
ing can alter the composition of feeds to 
various processing units, which can alter 
process reaction conditions, firing rates, 
and resultant fuel consumption and emis-
sion rates. 

For example, gas oil hydrotreating capac-
ity adds hydrogen to the H2-deficient gas 
oil from vacuum distillation and removes 
contaminants from the oil that otherwise 
interfere with processing by poisoning 
catalytic cracking and reforming catalysts, 
thereby also removing those contaminants 
from unfinished products (2, 16, 25).  In 
these ways, inserting more gas oil hydro-
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treating in the middle of their crude 
stream processing trains helps refiners 
make more fuels product from denser and 
dirtier crude while improving downstream 
processing efficiency and reducing the 
need to treat product streams in order to 
meet “clean fuels” standards.  

Thus, California refiners’ very high gas 
oil hydrotreating capacity (Figure 4) is 
consistent with their abilities to maintain 
fuels yield despite denser crude and meet 
California fuel standards despite product 
hydrotreating and reforming capacities 
similar to those elsewhere (figures 4, 7). 

And because improved efficiencies from 
better cracking and reforming feed pre-
treatment may offset emissions from this 
additional gas oil hydrotreating, that may 
help explain why, relative to other refin-
ing regions, average refinery emission in-
tensity does not increase as much as crude 
stream processing capacity in California.

Chart 9-B explores this plausible ex-
planation.  It shows results from the 
same analysis as Chart 9-A except that 
observed California gas oil hydrotreat-
ing capacity is replaced by the lowest 
U.S. crude stream hydrotreating capacity 
observed.  Those adjusted California data 
thereby predict California emissions for 
the assumed scenario described above, 
where California gas oil hydrotreating ca-
pacity would not increase refinery emis-
sions because its emissions are offset by 
efficiency improvements in downstream 
cracking and reforming processes.  

In this hypothetical scenario, the predic-
tion based on “adjusted” crude stream 
process capacity exceeds observed Cali-
fornia refinery emissions by a six-year 
average of 5%, as compared with the 17% 
average error shown in Chart 9-A.  

This hydrotreating example cannot ex-
clude other differences in crude stream 
processing configuration or usage as 
causes of the prediction error shown in 
Chart 9-A.  Indeed, the lack of publicly 
reported data for specific process units 
that makes it difficult or impossible to 
verify exactly how much each specific 
difference in processing changes emis-
sions (12, 28, 34) is another reason why 
processing capacity alone is not a reliable 
predictor of refinery emission intensity.

These results support our hypothesis 
by showing that the ability to use crude 
stream processing in different ways, 
which can consume energy and emit at 
different rates, can explain the poor pre-
diction of California emissions based on 
observed processing capacity alone.   

Crude quality and fuels produced
Recently published work found that crude 
feed density, crude feed sulfur content, 
the ratio of light liquids to other products, 
and refinery capacity utilization1 explain 
observed differences in energy and emis-
sions intensities among U.S. refining re-
gions and predict most of the differences 
among various government estimates of 
refinery emissions (2).  To test our hy-
pothesis, we predict California refinery 
emissions based on this crude quality 
and products model (2) using all the U.S. 
data but only the California crude quality, 
products, and capacity utilization data.  

In addition to the statewide data included 
in all our analyses, available data allow 
analysis of individual San Francisco Bay 
Area refineries.  Reported crude feed 
data are too limited for such facility-level 
analysis of other California refineries.  

1 Capacity utilization is included as an explanatory 
factor in all the predictive analyses (figures 8–10).
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Figure 10. Refinery emission intensity vs crude feed density, sulfur content and light liq-
uids/other products ratio.  Predictions for California by partial least squares regression on U.S. 
data (R2 0.90). Chart legend identifies annual average data. Data from Tech. App. tables 1-1, 2-1.

The diagonal line in Figure 10 shows the 
prediction defined by applying this model 
to the nationwide refinery data.  Consis-
tent with our hypothesis, the model tells 
us to expect increasing emissions inten-
sity as crude feed density, sulfur content, 
or both increase.  Observed emissions fall 
on or near the line in almost every case.  
California statewide refinery emissions 
range from 6% below to 8% above those 
predicted and are within 1% of predic-
tions as a six-year average.  San Francisco 
Bay Area refinery emissions exceed the 
prediction by 6%.  Emissions reported by 
four of the five individual Bay Area refin-
eries fall within the confidence of predic-
tion when uncertainties caused by lack of 

facility products reporting are considered, 
and range from 13% below to 8% above 
the central predictions for these facilities.  

The only data point that is clearly dif-
ferent from the emissions predicted by 
this model is for the Chevron Richmond 
refinery, and that result was anticipated as 
Chevron has reported inefficiency at this 
refinery.  A 2005 Air Quality Management 
District permit filing by the company (39) 
cited relatively antiquated and inefficient 
boilers, reformers, and hydrogen produc-
tion facilities at Richmond.  

These results show that the crude quality 
and products model is relatively accurate 
and reliable for California refineries.  
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Crude supply is changing now
California refineries can and do import 
crude from all over the world (24), but 
their historically stable crude supply 
sources in California and Alaska are in 
terminal decline (40–42).  This is driving 
a refinery crude switch: foreign crude im-
ports were only 6% of the total California 
refinery crude feed in 1990; in 2009 they 
were 45% of total California crude feed 
(21).  By 2020 roughly three-quarters of 
the crude oil refined in California will not 
be from currently existing sources of pro-
duction in California or Alaska (41, 42).

An urgent question is whether, by 2020, 
California will switch to alternative 
transportation energy, or switch to the bet-
ter quality crude now refined elsewhere, 
or allow its refiners to retool for a new 
generation of lower quality crude.

The model developed from analysis of na-
tionwide refinery data that is validated for 
California refineries in this report predicts 
that a switch to heavy oil/natural bitumen 
blends could double or triple U.S. refinery 
emissions (2).  Based on this prediction, 
replacing 70% of current statewide refin-
ery crude input with the average heavy oil 
(19) could boost average California refin-
ery emissions to about 200 pounds/barrel 
crude refined.2  This would represent an 
increase above observed 2009 statewide 
refinery emissions of approximately 44% 
or 17 million tonnes/year.

Based on the same prediction model (2), 
and the average California refinery yield, 
fuels, and capacity utilization observed 
2004–2009 (2, 31), replacing 70% of cur-
rent statewide refinery crude input with 
crude of the same quality as that refined 
in East Coast PADD 1 (2005–2008) could 
cut statewide refinery emissions to about 
112 pounds/barrel—a reduction of about 
20%, or ~8 million tonnes/year below 
observed 2009 emissions.

Comparison with the 10% cut in refinery 
emissions envisioned by 2020 via prod-
uct fuels switching under California’s 
Low Carbon Fuel Standard suggests that 
this possible range of emissions changes 
(+44% or –20%) could overwhelm other 
emissions control efforts.  

In light of the findings reported here, the 
California refinery crude supply switch 
that is happening now presents a crucial 
challenge—and opportunity—for climate 
protection and environmental health.

2 This prediction for heavy oil as defined by USGS 
does not represent worst-case refinery emissions; 
it is near the low end of the heavy oil/natural bitu-
men range predicted (ref. 2; SI; Table S8; central 
prediction for heavy oil).  Nor does it include 
emissions from crude production: work by others 
(12, 16, 38) has estimated an additional emission 
increment from extraction of heavy and tar sands 
oils versus conventional crude that is roughly as 
great as this emissions increase from refining.



Recommendations

To ensure environmental health and 
climate stability it will be necessary 
to develop and enforce policies that 
prevent or limit emissions from refining 
lower quality grades of crude oil.
Existing state and federal policies have 
not identified crude quality-driven in-
creases in refinery emissions.  As a result 
they have not limited or otherwise pre-
vented very large increases in the emis-
sion intensity of refining that exceed the 
emission targets of these current policies.  
Continuation of these policies without 
change will likely fail to achieve environ-
mental health and climate goals.

Expand refinery crude feed quality 
reporting to include crude oil from U.S. 
sources.
Currently, every refinery in the U.S. 
reports the volume, density, and sulfur 
content of every crude oil shipment it 
processes, and that is public—but only 
for foreign crude.  (www.eia.gov/oil_gas/
petroleum/data_publications/company_
level_imports/cli.html)  The quality of 
crude refined from wells on U.S. soil is 
exempted.  Since California’s major fuels 
refineries use U.S. crude too, this hides 
facility crude quality from the public and 
from publicly verifiable environmental 
science.  That limits this report’s analy-
sis of individual refineries, but very high 
crude quality-driven emissions found at 
two of the five facilities analyzed suggest 
that GHG copollutants disparately impact 
communities near refineries processing 
dirtier oil.  The public has a right to know 
about how U.S. oil creates pollution of 
our communities and threatens our cli-
mate.  State and federal officials should 
ensure that the U.S. crude refined is re-
ported just like the foreign crude refined.  

Compare refinery carbon emission 
performance against national or world-
wide refinery performance.
The extreme-high average CO2 emission 
intensity of California refineries revealed 
in this report was discovered only by 
comparing them with refineries in other 
parts of the U.S.  This alone makes the 
case for rejecting the alternative of com-
paring refinery performance only within 
California.  Doing that would compare 
“the worst with the worst,” and thus risk 
erroneously establishing a statewide 
refinery emissions rate that is 33% dirtier 
than the average emissions rate achieved 
across a whole U.S. refining region as en-
vironmentally “acceptable” performance.

Moreover, this report demonstrates that 
comparing refinery performance across 
U.S. regions allows one to verify and 
know which causal factors do and do not 
drive changes in refinery emissions.  That 
knowledge enables actions to prevent and 
reduce emissions.  This is the reason one 
tracks emission performance.

The crude feed quality and products 
model evaluated here measures and pre-
dicts emissions per barrel crude refined 
based on the density and sulfur content of 
crude feeds, refinery capacity utilization, 
and the ratio of light liquids (gasoline, 
distillate, kerosene and naphtha) to other 
refinery products.  It is based on data for 
U.S. Petroleum Administration Defense 
districts 1, 2, 3 and 5 over ten recent 
years.  Energy intensity predicted by these 
parameters is compared with fuels data 
using CO2 emission factors developed for 
international reporting of greenhouse gas 
emissions in the U.S.  Data and methods 
are freely available at http://pubs.acs.org/
doi/abs/10.1021/es1019965.  
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Purpose and scope 
 
The purpose of this project is to develop and recommend a metric that can be used to 
measure petroleum refinery greenhouse gas (GHG) emissions intensity accurately and 
identify potential changes in emissions for controlling them reliably (a “benchmark”). 
Closely tied to this purpose, the project seeks to document the ability of alternative 
benchmark options to measure factors that drive refinery emissions, and thus be used to 
help identify opportunities for preventing, controlling, and reducing those emissions.     
 
Four assumptions that were introduced at project conception served to focus, limit, and 
define its scope.  First, the project was limited to technical assessment.  Second, at least 
three types of refinery emission performance metrics would be assessed:  

• A metric that would attempt to benchmark refinery emissions against refinery 
complexity—a term that refers to measurements based on the types and capacities of 
processes used by a refinery following initial atmospheric crude distillation.   

• A metric that would attempt to benchmark refinery emissions against refinery 
products output, meaning the production or yield of some or all refined products. 

• A metric that would benchmark refinery emissions against crude feed quality; 
specifically, the density and sulfur content of crude oil feedstock processed by 
refineries.  These metrics are described in detail below. 

 
The third initial assumption was that the applicability of the benchmark to refineries in 
California and other regions would be assessed.  Fourth, available California-specific 
refinery data would be assessed.   
 
Analysis focused on carbon dioxide (CO2) emissions from fuels refineries.  This reflected 
known differences between fuels refining and asphalt blowing, and the recognition that 
CO2 predominates the total global warming potential of greenhouse gases emitted by oil 
refining.  Taken together these two limitations in project focus exclude only 1–2% of 
100-year horizon CO2e mass emitted by oil refining in California (1, 2).   
 
Boundary conditions were set to include emissions at refineries and from purchased fuels 
consumed by refineries.  The alternative of excluding purchased fuels consumed by 
refineries was rejected because ignoring relationships of refinery processing and feeds to 
those energy and emissions commitments—especially with respect to captive and third 
party hydrogen plants often co-located with refineries—would introduce potentially large 
and unnecessary errors.  This boundary excludes emissions from the production and 
transport of refinery feedstock and from the transport and use of refinery products. 
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Approach 
 
Assessment was based on data from observations of refineries in actual operation.  This 
approach differs from those which use process design parameters to generate data inputs 
that are then analyzed in linear programming (LP) or analogous models constructed to 
represent refinery operations.  See, for example Keesom et al. (3); Brederson et al. (4).  
Strengths of the “data-oriented” approach used here include avoidance of error associated 
with the need to make assumptions about processing parameters that vary within and 
sometimes beyond design parameters in actual refinery operation, and transparent 
separation of observations from expected causal relationships.  Observed data and 
expected causal relationships may be intertwined by the assumptions embedded in inputs 
generated from process design data and embedded in algorithms of LP models.  A 
weakness is its limitation to observed and recorded data, which limits its use in cases of 
not-yet-built breakthrough technology that do not apply here, and limited its use, for this 
project, to analysis of available publicly reported data. 
 
A ten-year data set encompassing 97% of the U.S. refining industry that was gathered and 
validated for recently published work (1) was selected as the comparison data for this 
assessment (the “U.S. data”).  Data from California refineries were gathered and assessed 
for their quality.  The data were assessed based on petroleum refinery engineering and 
physical chemistry knowledge to identify causal bases for interactions of variables to be 
analyzed, and were compared with the U.S. data to check for consistency of response 
strength among variables, before quantitative analysis.   
 
Quantitative analysis was designed first to assess the power of a metric option to predict 
refinery emissions intensity, based on independently observed emissions, and second; its 
reliability of prediction related to factors explaining emissions intensity based on 
comparison observations.  These criteria flowed from the measurement accuracy, and 
identification of potential emission intensity change, purposes described above.   
 
Partial least squares regression (PLS, XLSTAT 2009) was used where supported by 
available data.  This analysis model was described previously (1).  PLS allowed for the 
intended focus on the primary interest in prediction of y (e.g., emission intensity) and 
secondary interest in weights of x variables (e.g., factors driving emissions) while 
addressing the expectation that these factors may be correlated.  Analysis by PLS also 
afforded comparability with recently published analysis of the U.S. data (1).  Support for 
PLS by available data was defined for each analysis run as results suggesting that PLS 
residuals were distributed normally for each of four descriptive tests (Shapiro-Wilk; 
Anderson-Darling; Lilliefors; Jarque-Bera tests, α 0.05).  If this requirement was not met 
for PLS, analysis was by nonparametric regression (LOWESS, XLSTAT 2009) with the 
same criterion for acceptable distribution of residual error by all of those four tests.   
 
California refinery data were analyzed in the prediction mode of the PLS or LOWESS 
models on the U.S. data.  Data inputs were reported with results for each analysis. 
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Narrative description of the data 
Annual average data for refinery groups.  Weighted annual average refinery crude feed 
volume, density and sulfur content, process capacity, fuels, yield, capacity utilization, 
energy, and emissions data for California (2004–2009) and U.S. Petroleum 
Administration districts (PADDs) 1, 2, 3 and 5 are shown in Table 2-1.  PADD 4 data 
were excluded based on observed anomalies that could not be resolved due in part to 
incomplete crude feed data reporting.  These U.S. data were taken from recently 
published work that describes the U.S. data and PADD 4 anomaly in detail (1).   

The California Energy Commission (CEC) (5) reported annual average California crude 
feed volume data.  California refinery crude feed quality data are discussed below.  
Refinery process capacities shown were volumes that could be processed during 24 hours 
after making allowances for types and grades of inputs and products, environmental 
constraints and scheduled downtime, from Oil & Gas Journal (6).   

Fuels consumed by California refineries shown in Table 2-1 for 2006–2009 were 
provided by the CEC (7), and those shown for 2004–2005 were provided by Air 
Resources Board (ARB) staff (8).  Errors in the 2006–2007 fuels data were discovered, 
investigated, and corrected by CEC staff during the data gathering effort for this project 
(7).  Table 2-1 includes the fuels data corrected and revised by CEC staff with one 
exception: For the “other products” fuel category, which accounts generally for only ~1% 
of refinery energy and emissions, CEC staff suspected an as-yet unresolved error in the 
2006–2009 data reported (7).  Those suspect data were replaced for these years (2006–
2009) in Table 2-1 with the 1999–2005 average of “other” fuels reported for California. 

Although impacts of all U.S. refinery hydrogen demand required estimation (1), for 
California refineries the CEC data included energy consumed by refinery-owned 
hydrogen production (7).  The method used for U.S. refinery hydrogen was applied only 
to California refinery hydrogen purchased from third-party plants, and broken out as 
hydrogen purchased by California refineries (“H2 purch.”) or “third-party H2 prod.” in 
Table 2-1.  This application of 90% capacity utilization, energy and emission factors for 
modern-design natural gas fed steam reforming (1) was conservative for California 
refineries given the evidence that they are generally hydrogen-limited (9) and the known 
use of naphtha steam reforming by some of them (6).  Independent emissions reports by 
third-party plants (2) supplying hydrogen to California refineries showed good agreement 
within 2–3%.  Calculations for this third-party refinery hydrogen supply data check are 
shown in Table 2-2.  Note that although these emissions are clearly related to steam 
reforming’s great hydrocarbon fuel and feedstock consumption and high operating 
temperatures (~1500 ºF) (9), most of the CO2 emitted by this process forms in its shift 
reaction rather than as a direct product of combustion. 

Products yield was calculated as defined by the U.S. Energy Information Administration 
(EIA) from California refinery input and output data reported by the CEC (10, 11).  
Reporting inconsistencies for kerosene subcategories in 2009 that were identified during 
project data gathering were confirmed and corrected by CEC staff (11).  The kerosene 
and kerosene jet fuel yields for 2009 in Table 2-1 reflect those corrections.  Utilization of 
operable refinery capacity for California was calculated as defined by EIA from the feed 
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volume (5) and atmospheric distillation capacity (6) data in Table 2-1.  Annual average 
refinery capacity utilization 2004–2009 ranged 83–95%.   Process-level capacity 
utilization was not otherwise reported, indicating a processing data limitation. 

California refinery energy consumption and CO2 emissions were calculated from fuels 
consumed and the same fuel-specific energy and emission factors used for the U.S. (1) 
except for the emission factor for electricity purchased from the grid.  The U.S grid factor 
(187.78 kg/GJ) was replaced by the California factor (97.22 kg/GJ) to reflect the greater 
share of hydropower in the California grid purchases by these refiners.  Emission factors 
applied to combustion of fuels, including both of these grid factors, were developed, 
documented and used by EIA for international reporting of U.S. emissions (1, 12, 13).   

Table 2-1 shows emissions by fuel energy (kg/GJ) and crude volume processed (kg/m3).  
These emissions for California refineries (354–401 kg/m3, 2004–2009), span previously 
reported S.F. Bay Area emissions (360 kg/m3, 2008), which exceed reported average U.S. 
refinery emissions (277–315 kg/m3, various years) for reasons that could be explained 
primarily by differences in crude feed quality (1).  These fuels-based emissions, however, 
may also exceed the average from California refineries’ total from Mandatory GHG 
Reporting Rule (MRR) reports (351–354 kg/m3 with purchased H2, 2008–2009) (2).  It 
was not possible to account for that apparent discrepancy because data and calculation 
details for the MRR-reported emissions are kept secret from the public by ARB policy.  
The more transparently supported fuels consumption-based emissions estimates were 
used in quantitative analysis of average California refinery emissions for these reasons. 

Average California refinery crude feed density and sulfur content was not previously 
reported (1).  EIA reported these data for U.S. PADDs and some other states but not for 
California (14).  California Petroleum Industry Information Act forms M13, M18 and 
A04 do not require these data to be reported.  The ARB responded to a formal request by 
confirming that its staff could find no records related to these data (15).  These data were 
reported for the foreign crude streams processed at each facility monthly (14).  They were 
also reported for the Trans-Alaska pipeline stream from the Alaskan North Slope (16), 
but not for the average California-produced crude stream refined.   

Because California-produced crude was not refined in appreciable amounts outside 
California (17–20), the quality of the California-produced stream refined statewide could 
be estimated based on that of total California production.  The density and sulfur content 
of California crude feeds shown in Table 2-1 was calculated from these annual estimates 
for California-produced crude and the other crude streams refined in California by the 
standard weighted averaging method that is summarized in Table 2-3.  

Public databases reported density and sulfur content data for most of the oil streams 
produced in California (16, 21–24).  Annual production volumes (25) were matched to 
the average of these reported density and sulfur data by field, and where data were 
reported, by area, formation, pool or zone.  The matched data are shown in Table 2-4.  
Some 480–550 areas, pools, formations or zones produced crude among California oil 
fields annually 2004–2009; more than 99% of that total volume was matched to density 
measurements and 94–96% was matched to sulfur, 2004–2009.  In light of the knowledge 
that the specific geologic conditions containing an oil deposit constrain its quality, this 
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measured coverage and large number of component streams (Table 2-4) provide support 
for the California-produced crude quality estimates shown in Table 2-3.  However, the 
quality of crude produced from the same formation, zone and even well can vary to some 
extent over time, and individual refineries run crude of non-average quality.  Reporting 
domestic refinery inputs in the way foreign inputs are reported would provide 
substantially better quality data for future analysis, especially facility-level analysis.   

California facility-level data.  Process capacities were reported in barrels per calendar day 
for each major fuels refinery and some of the smaller plants targeting other products in 
California, by Oil & Gas Journal (6).  These data are presented in Table 2-5.  Capacity 
data were found to be aggregated among facilities in three cases.  Two of these paired 
facilities were located near each other in Wilmington and Carson.  In those cases the 
aggregated data are reported in Table 2-5.   

In the third case, facilities reporting aggregated capacities were too distant (~250 miles) 
for integration of process energy flows, such as shared hydrogen and steam.  In addition, 
these facilities had reported capacities separately to EIA (14) and had reported emissions 
separately to ARB (2).  Capacities of these two facilities, the ConocoPhillips Rodeo and 
Santa Maria refineries, were disaggregated by process-level comparisons between the Oil 
& Gas Journal (6) and EIA-reported data (14) to obtain capacities for each refinery in 
barrels/calendar day.  The EIA data were not substituted directly because EIA reported 
capacities for most processes in barrels per stream day, which in general would provide 
less accurate indications of actual operation.  Historic effluent discharge permits files for 
the Rodeo refinery provided a check on, and compared to, the disaggregated results. 

Facilities were ranked by crude capacity (atmospheric crude distillation capacity) in 
Table 2-5 to facilitate visual inspection of the data.  The larger facilities from the top 
through most of the vertical span of the table are California’s fuel refiners: smaller 
facilities at the bottom of the table largely target different products or intermediates.  
Hydrotreating of gas oil, residua and oils to be fed into catalytic cracking units is 
tabulated separately from product hydrotreating to reflect a distinction among refinery 
processes perhaps first articulated by Speight (29). The first six processes shown in the 
table1 are the primary processes acting on crude and its denser gas oil and residual oil 
components; product hydrotreating and the following half-dozen processes act on the 
unfinished products from those primary or “crude stream” processes (29, 1).  Primary 
processing capacity was concentrated among the large fuels refineries in California. 

Emission intensities of individual California fuels refineries were estimated by adding 
excluded emissions associated with hydrogen to refinery emissions reported under 
California’s Mandatory GHG Emissions Reporting Rule (MRR), and comparing mass 
emitted against the facility’s atmospheric distillation capacity (Table 2-5).  This was 
necessary because facility-level fuel consumption, crude feed volume, and products yield 
data were not reported, and MRR reporting excluded much of the emissions from making 
hydrogen used by refineries from refinery emission reports.  

                                                
1 Atmospheric distillation, vacuum distillation, coking and thermal cracking, catalytic cracking, 
hydrocracking, and hydrotreating of gas oil, residua and catalytic cracking unit feeds. 
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Refiners did not report emissions from hydrogen production they relied upon through 
purchase agreements with nearby third-party producers under MRR; those emissions 
were reported separately by the third-party hydrogen plants (2).  Refiners did, however, 
report the third party hydrogen capacity asset they had secured to Oil & Gas Journal (6).  
Those reported capacities compare reasonably well to emissions from the third-party 
plants reported in 2008 and 2009 under the MRR (Table 2-2).  During this period the 
facilities reporting third-party hydrogen supply and their third-party suppliers were co-
located: in the northeastern S.F. Bay Area; and in a stretch of the Los Angeles Area from 
El Segundo to Wilmington in (2, 6).  Third-party hydrogen emissions were assigned to 
refiners in proportion to their reported reliance on that hydrogen in each region.  The 
calculation is shown with estimated facility emission intensity results in Table 2-6. 

Average California refinery capacity utilization rates and MRR-reported emissions 
approaching but less than 100% of reported capacity and fuels emissions implied both the 
potential for underestimation of facility-level emissions intensities for some refineries, 
and constraints on the magnitude of that error for the facility data set as a whole.  Table 
2-6 results were accepted, conditioned on this uncertainty, to account for facility-level 
variability that could otherwise be obscured by focus on statewide averages alone, and 
because better facility estimates were unavailable due to limitations in reported data. 

Crude feed quality data reported at the facility level were sparse at best.  Although EIA 
reported the density and sulfur content of all foreign-sourced crude refined by each 
facility (14), these data were not reported for domestically produced crude inputs to 
facilities.  Foreign crude volumes refined (14) remained significantly smaller than 
atmospheric distillation capacities (Table 2-5) for the major California fuels refineries 
2004–2009, indicating that these facilities processed Californian and/or Alaskan crude as 
a significant or substantial portion of their feeds.  Nonreporting of crude feed quality was 
thus a major limitation in the data.  This lack of domestic crude feed quality reporting at 
refineries contrasted with the public reporting of density and sulfur measurements for 
nearly all of the crude streams refined in California (tables 2-3, 2-4) before the oil passed 
through the refinery gate.   

Site-specific supply logistics allowed crude streams of known quality to be traced to S.F. 
Bay Area refineries by volume.  Bay Area refineries received crude from well reported 
foreign sources (14), adequately documented Alaska North Slope (ANS) crude blends 
(16) delivered by ship from the TAPs pipeline terminus, and via a pipeline carrying a 
blend of the crude oils produced in California’s San Joaquin Valley (1, 5, 19, 20, 26).  
Recently published work apportioned those crude supply streams among facilities to 
derive crude feed density and sulfur estimates that supported an emission prediction 
which compared well to that independently reported for 2008 by Bay Area refineries (1).  
This project built on that previous work. 

San Joaquin Valley (SJV) crude supply data gathered for 2008 (Table 2-4) matched 
density and sulfur content measurements to 99.9% and 98.8%, respectively, of the total 
crude volume produced by 489 production streams in the SJV.  These data were used to 
update the weighted average density and sulfur content of the SJV pipeline stream.  The 
same ANS data used for the California average, which was from in the TAPs pipeline 
terminus at Valdez (16), was applied to the Bay Area ANS stream as well. Weighted 
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averages of the SJV, ANS and foreign streams were taken to estimate Bay Area 
refineries’ crude feed quality.  The calculations are shown in Table 2-7. 

A crude feed mixing analysis was performed by the same method used to assess the 
adequacy of crude feed quality data in recently published work (1).  Gravity (density) and 
sulfur content are among the most widely used indicators for crude value, and are used to 
price crudes, largely because they are general predictors for other characteristics of oil 
that affect its processing for fuels production.  Density and sulfur correlate roughly with 
distillation yield and with asphaltic, nitrogen, nickel and vanadium among well-mixed 
blends of crude oils from various locations and geologies (1, 28, 29).  California crude 
feeds 2004–2009 were found to be roughly as well mixed as those shown to be 
adequately mixed to support predictions of processing, energy, and emission effects 
among U.S. PADDs 1, 2, 3 and 5 (1) (Table 2-8).  This supported the adequacy of the 
California crude feed density and sulfur data for purposes of the analysis targeted here. 

Refinery capacity utilization, light liquids/other products ratios and fuel mix emission 
intensities were not available at the regional and facility levels because crude volume 
processed, products yield, and fuels consumption by refineries were not reported at the 
regional and facility levels, for California refineries.  Previous work addressed this data 
limitation, as it applies to predictions based on available data, by assigning the most 
representative available average reported among U.S. PADDs, as in the Bay Area 
emissions prediction referenced above (1).  The California average data gathered by the 
project allowed this proxy to be refined to some extent by applying the 2008 California 
average data to the S.F. Bay Area region.  Facility-level analysis for Bay Area refineries 
conservatively assumed the full variability observed among all regions and years. 

Data adequacy overview.  For California refineries as a group, the quality of data that 
could be found from verifiable public reports was adequate but poorly accessible.  The 
errors found and addressed as disclosed above were judged to reflect the intensity of data 
validation effort rather than a departure from the typical—and perhaps inevitable—error 
rate for data sets of this kind.  At the facility level, however, data quality was poor: Feed 
volume, fuels usage, products yield and emissions verification data as well as crude feed 
density and sulfur content for most refineries were not reported.  The need for attention to 
refinery crude feed quality reporting and documentation beyond this project, perhaps 
obvious from the foregoing, appears urgent.  This assessment applies to publicly reported 
data for the parameters identified above: confidential, proprietary, or otherwise secret 
data are not publicly verifiable and were not used. 

Validation that the data adequately describe refinery emissions performance across 
regions accounted for the limited quantity of California data that could be gathered and 
the potential for nonlinear relationships among causal drivers of emissions.  PADD 5 data 
were excluded for years when California data were included in the comparison mode of 
regression analyses because California is part of PADD 5.  An attempt to balance 
observation counts among regions by subsampling the data led to a relatively small 
analysis sample (N = 24).  Results from that too-small sample, reported for transparency 
only (Table 2-9), were discarded and were not used in the analysis.  Instead, California 
(2004–2009) and PADD 5 (1999–2003) data were resampled to balance data counts 
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among regions without excluding any PADDs 1–3 data (1999–2008) from the sample 
analyzed (N = 52).  Analysis was by nonparametric regression to account for nonlinear 
relationships among causal factors.  Refinery emission intensity, energy intensity, crude 
feed density and sulfur, fuel mix emission intensity, light liquids/other products ratio, 
primary processing capacity, and capacity utilization were analyzed in the comparison 
mode of the model.  Residuals from these analyses appeared normal  (Shapiro-Wilk; 
Anderson-Darling; Lilliefors; Jarque-Bera tests, α 0.05).  Results supported consistent 
relationships among causal factors across regions.  Crude quality and products could 
explain 97% of variability in energy intensity and 96% of variability in emissions, and 
observed and predicted values differed by ≤ 4% for California refineries and ≤ 9% for all 
refining regions in all cases.  Crude quality alone could explain 92% of variability in 
emissions, and observed and predicted values differed by ≤ 6% for California and ≤ 11% 
for all regions in all cases.  Data inputs and results are shown in Table 2-10. 

Emission measurement is central to every emissions performance benchmark assessed 
herein and therefore warrants explicit attention.  Briefly: Applying emission factors 
developed from measurements taken elsewhere to a new, unmeasured source requires 
many assumptions.  Direct sampling and analysis of samples taken at the points of 
emission—in cases where it was done well—has demonstrated that errors related to those 
assumptions render the “emission factor” approach inaccurate or unreliable for pollutants 
that vary dramatically with combustion conditions.  Best practices for assessing such 
emissions apply emission factors to known activity rates, such as the types and amounts 
of fuels burned, only where direct sampling measurements are not available or suspect.  
Direct measurement of emissions is the best practice and should be required and reported. 

The assumption of constant combustion conditions is prone to relatively smaller errors, 
however, when applied to combustion products that dominate the emission stream and 
vary proportionately little with typical combustion variability, such as CO2.  Importantly, 
CO2 predominates among greenhouse gases in refinery emissions, accounting for more 
than 98% of emitted CO2e in 100-year horizon assessments (1, 2).  Thus, the application 
of appropriate emission factors to accurate fuels data is relatively, and perhaps uniquely, 
accurate and reliable for the pollutant of main interest in the present analysis.  This is 
fortunate, since comprehensive direct measurements of refinery emissions have not yet 
been required or reported.  

Documentation of analysis methods  
Support for causal relationships of variables analyzed. The physical chemistry of 
petroleum fuels refining presents an inescapable equation: Making light, hydrogen-rich 
fuels from crude that is more carbon-dense and hydrogen-poor requires more energy (3, 
4, 9, 28, 30–35).  Carbon must be rejected, hydrogen must be added, or both, and burning 
fuel for that energy emits more CO2 and other combustion products.  Carbon rejection 
and aggressive hydrogen addition—thermal cracking, coking, catalytic cracking, 
hydrocracking, and hydrotreating of gas oil and residua—are the core of oil refining in 
the U.S. and California (tables 2-1, 2-5).  As these processes, the vacuum distillation 
capacity that helps to feed gas oil to them, and the fossil energy-fed production of 
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hydrogen feeding them, expand to a larger share of the lower-quality crude barrel, energy 
and emission intensities grow.  Effects of these causal relationships have been observed 
and measured across the U.S. refining industry (1). 

Annual average statewide California refinery performance followed and extended the 
continuum of U.S. regional performance and showed consistent responses with the U.S. 
data for causally related factors, but represented the extreme of high emission intensity 
(Figure 1-1).  California emissions and energy intensities were high while fuel mix 
emissions intensity was not, indicating that burning more fuel, rather than burning dirtier 
fuel, caused the high California emissions.   

California refineries’ capacity for “primary” processing acting on the crude stream and its 
denser components (29), and their by-production of coke and fuel gas created by that 
processing, were also high, while their light liquids (gasoline, distillate and jet fuel) yield 
and “secondary” products finishing capacity were within or near the national range.   

These relationships among performance factors are consistent with those observed among 
U.S. refining regions, where lower quality crude feeds boosted emissions by increasing 
refinery energy intensity (1). 
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The extreme-high average refinery 
emissions intensity cannot be explained 
by treating product streams harder to 
make California-compliant gasoline and 
distillate diesel alone.  California 
product hydrotreating and reforming 
capacities are similar to those elsewhere  
(Figure 1-2).  Instead, greater crude 
stream processing capacity—driven by 
greater vacuum distillation, thermal 
coking hydrocracking, and hydro-
treating of gas oil—distinguishes 
California from other U.S. refining 
regions, in terms process capacity.   
 
Hydrocracking and hydrotreating of gas 
oil and residua uses much more H2 per 
barrel processed than does product 
hydrotreating (38). Combined capacity 
for hydrocracking and hydrotreating gas 
oil that is almost as large as product 
hydrotreating capacity (Figure 1-2) 
would thus use much more hydrogen 
than product hydrotreating in California 
(Fig. 1-3).  Across U.S. PADDs refiners’ 
hydrogen use increases with crude 
density (1, 3), and with hydrocracking 
rather than product hydrotreating (1).  
This is important because hydrogen is 
among the major sources of CO2 
emissions from oil refining (36, 37, 4).   

Figure 1-3. Hydrogen use for 
hydroprocessing various feeds, 
California refineries, 1995 and 2007 
 
MMscf/day 
Based on 100% capacity 
 
 
 
Figure adapted from CBE (2008) 
analysis citing references 6 and 38 
herein. 
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Total liquids production stays relatively flat across U.S. regions and California while 
refinery energy intensity rises steadily with crude feed density, and conversion capacity 
(thermal, catalytic and hydrocracking)—rising more steeply—becomes decoupled from 
energy intensity in California.  (Figure 1-4).  California conversion capacity exceeds 
California’s total light liquid fuels production, implying more intensive serial processing 
or reprocessing of feeds in California conversion units.  The pattern suggests California 
refineries may be squeezing out more gasoline, distillate, and jet fuel from lower quality 
crude in ways that may alter firing rates and emissions per unit processing capacity. 
 
Poor refinery emissions performance on average in California 2004–2009, and the 
additional observation that this extreme-high refinery emissions intensity apparently went 
unnoticed until performance was compared with other U.S. regions, support 
benchmarking against national refinery performance.   
 
Primary processing capacity and conversion capacity, which are types of refinery 
“complexity” metrics, are related to refinery crude feed variability, and expanded 
conversion capacity is probably helping to maintain California fuels yield despite 
declining crude feed quality.  However, the decoupling of conversion capacity from 
energy intensity observed in California 2004–2008 indicates that refinery complexity did 
not measure emissions performance or that another factor confounded its measurement. 
 
The types and amounts of products manufactured can be expected to affect emissions, but 
the variability observed among products was divergent: light liquids yield appeared to be 
maintained while byproducts yield increased with declining crude feed quality.  This 
indicates that a products metric excluding some products could be unreliable, and further 
suggests the need to address crude quality as part of this metric.   
 
Supporting discussion of causal relationships of crude quality is continued directly below. 
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Crude feed quality metric. Physical chemistry, petroleum engineering, and observational 
evidence consistently supports an energy intensity-crude feed quality causal pathway for 
observed differences in refinery emission intensity.  This evidence supports the need for 
the emissions benchmark to address feedstock quality. 

Recently published work (1) shows that crude feed density and sulfur predict energy and 
CO2 emission intensities for U.S. and Bay Area refinery groups with diverse feeds, and 
provides a specific measurement and prediction model and robust data set spanning 97% 
of the U.S. refining industry and ten years.  Assessment of the crude feed quality metric 
for California refineries adopted that metric and data set whole and without change and 
used them together with the newly-gathered California refinery data detailed and 
presented in this report.   

U.S. data from PADDs 1, 2, 3 and 5, 1999–2008 (1) were used as the basis for prediction.  
California statewide average and Bay Area refineries data were analyzed in the prediction 
mode of PLS on the U.S. data. In the prediction mode of the model, emission intensity is 
predicted in two steps.  First, refinery energy intensity (GJ/m3 crude) is predicted by four 
explanatory variables: 
• The density (d) of the crude feed in mass/volume crude; 

• The sulfur content (S) of the crude feed in mass/volume crude; 
• The refinery capacity utilization rate, as defined by U.S. EIA, in percent; and 

• The light liquids/other products ratio, which is defined as the volume of gasoline, 
kerosene, distillate, and naphtha divided by that of other refinery products. 

This gives the predicted refinery energy intensity in GJ/m3. Second the prediction is 
multiplied with the measured fuel mix emission intensity (see Table 2-1 and/or reference 
1 for fuel measurement detail), as CO2 mass emitted/fuel energy (kg/GJ).  Thus; 

GJ/m3 • kg/GJ = kg/m3 

predicts refinery CO2 emissions intensity in kg/m3 crude refined. Refinery CO2 emissions 
are essentially the same as refinery CO2e emissions (1, 2) as discussed in the data section.   

In practical terms, the energy and emissions intensity results make this an emissions 
performance and energy efficiency metric.  That is important given that energy intensity 
is the dominant proximate cause of refinery emission intensity differences among U.S. 
(1) and California refineries on average.  Finally, product slate effects on the 
relationships among crude feed quality and energy intensity are estimated directly 
through the inclusion of the products ratio as an explanatory variable. Thus, the metric 
also addresses products “output” yield. 

Method development and validation is detailed in the original work (1).  All data used in 
this analysis of the metric are given in Table 2-1.  Analysis input data are tabulated with 
the presentation of results below as well. 
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Equipment complexity metric. This option would attempt to use the size and variety of 
refinery process equipment capacities as a measurement or predictor for refinery 
emissions intensity.  The concept for complexity most widely used by refiners is 
equivalent capacity (EQC): the ratio by volume of other process capacities to the capacity 
for atmospheric crude distillation.  EQC is applied in different ways for different 
purposes.  It is applied to the primary processing of crude, gas oil and residua as a way to 
measure a refinery’s capacity for lower quality crude feeds (1).  In contrast, the Solomon 
indices are intended to be used, at least in part, for evaluating potential projects for their 
effects on margins and competitive position, according to Solomon Associates (42).  

Similarly, the Nelson Complexity Index applies weighting factors to the EQC of each 
process in a refinery as a way to calculate the value of a refinery or refinery capacity 
addition (43). The Nelson Index predates the Solomon indices and remains in use as an 
industry standard for refinery complexity benchmarking by Oil & Gas Journal (43).  
 
An oil industry lobby group proposed a benchmark that would use an adjusted version of 
the Solomon Energy Intensity Index (EII) (39). Air Resources Board (ARB) staff 
proposed that some type complexity metric should be considered, and stated that this 
metric might be based on the Solomon EII, although ARB acknowledged that Solomon 
EII data and methods are claimed proprietary and kept secret (40, 41).   
 
Because its data and methods are secret, the Solomon EII could not be assessed 
quantitatively.  However, significant refinery capacity data are available for publicly 
verifiable analysis now (tables 2-1, 2-5).  Initial assessment of these data, for example, 
identified the decoupling of conversion capacity from energy intensity observed in 
California (Figure 1-4), and raised questions about whether refinery complexity can 
measure emissions performance reliably.  A range of publicly available complexity 
metrics was analyzed for this assessment. 
 
Complexity was calculated for California and U.S. refineries as equivalent capacity 
applied to all refinery processing (refinery EQC), EQC applied to primary processing 
(primary processing EQC), and Nelson Complexity Index EQC (Nelson Index), using the 
California refinery capacity data in tables 2-1 and 2-5.   
 
California refinery data were analyzed in the prediction mode of PLS or nonparametric 
models on U.S. data.  Analysis was by nonparametric regression (LOWESS) for the 
Nelson Index and by PLS for the refinery EQC and primary processing EQC complexity 
metrics.  Annual average California refinery data were analyzed for all three metrics.  In 
addition, major refineries in the Los Angeles and Bay Area regions that collectively 
represent California fuels refining capacity were analyzed in the prediction mode of PLS 
on the U.S. data for the primary processing EQC.  Finally, as an example of the potential 
for using process capacity in different ways to result in different capacity/energy intensity 
relationships, “adjusted” primary processing equivalent capacity, calculated by replacing 
observed gas oil/residua hydrotreating data for California with the lowest value observed 
(PADD 1, 2006–2008), was analyzed. 
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Product yield output metric: This option measures emissions against products yield 
(refinery products output).  Air Resources Board (ARB) staff proposed emission-per-
volume products as a benchmark option for consideration.  This proposal would measure 
refinery emissions against the sum of “primary products” produced by California 
refineries: aviation gasoline, motor gasoline, distillate, kerosene jet fuel, renewable liquid 
fuels, and asphalt (40, 41).  Note that although this proposal includes “renewable liquid 
fuels,” refineries report no production these fuels at this time (Table 2-1).  ARB’s 
proposal measures the sum of these products against emissions directly, without 
necessarily targeting energy efficiency, as is attempted by at least some of the concepts 
for complexity metrics.   

The foregoing analysis (see discussion of figures 1-1, 1-4; crude feed quality metric) 
suggest that a products-based metric may be sensitive to the choice of which products to 
include or exclude, and that products and crude feed quality can be integrated into the 
refinery performance metric.  Additionally, this metric may differ from the others 
assessed here and may warrant additional assessment discussed below.  
 
Observed emissions were analyzed with the ARB primary products sum by 
nonparametric regression (LOWESS) and with the primary products “mix” by PLS.  The 
“mix” analysis entered data for each fuel as PLS inputs instead of summing them to one 
input, which may provide additional information—and it excluded asphalt based on its 
difference from the light liquid fuels.  Average California refinery data were analyzed in 
the prediction mode of the models run on the U.S. data.   Facility-level analysis of this 
metric was not possible because facility-level yield data were not reported publicly.  
Estimated CO2 emissions to produce gasoline, diesel, and kerosene (46.0, 50.8, and 30.5 
kg/b respectively) from NETL (32) were applied to observed gasoline, distillate, and 
kerosene yields (Table 2-1) to derive “fuels emit” estimates for comparison with results. 

Major plant capacity addition and thus refinery complexity is largely constrained by 
capital and permit requirements; and crude feed quality is constrained within fairly 
narrow limits by refinery configuration; the constraints supported focus on confirmed 
pathways of causality to support the variables analyzed.  Relatively less “hard” evidence 
for causality was found for the variability, or stability, of product slates.  This suggests 
products may change.  That implies the need to assess the stability of this metric as a 
measurement that can be predicted by or related to other factors. 

In part because of this consideration, and also because products were already integrated 
with crude quality as an explanatory (x) variable in the crude feed quality metric, this 
products metric was analyzed with crude quality as the dependent (y) variable in two 
forms.  Emissions/volume total products, and emissions/volume light liquids (aviation 
gasoline, motor gasoline, jet kerosene, distillate, naphtha) were calculated for the 
California and PADDs averages each year.  Each emission/volume product measurement 
was analyzed against the crude feed metric explanatory variables and California x data 
were analyzed in the prediction mode of the model on the U.S. data.  Nonparametric 
regression was used for the emission/total products analysis; PLS was used for the 
emission/light liquids analysis.
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Results 
 
Crude feed quality metric results.  Figure 1-5 shows results for energy intensity predicted 
by oil quality from this analysis.  The R-squared value (0.90) and diagonal lines bounding 
the 95% confidence of prediction for observations indicate the power of prediction by 
this metric.  Those results are derived from the U.S. refinery data, and were reported 
previously (1).  

Orange diamonds showing observations and predictions for California refineries annually 
2004–2009 provide new information about the reliability of prediction by this metric.  
The energy intensity (EI) of California refineries falls within the prediction based on oil 
quality in 4 of 6 cases and falls within 2% of the confidence of prediction in all cases.   

Table 1-1 shows data inputs, calculations, and results for CO2 emissions as well as EI 
predicted by this metric.  Predicted emissions are the product of EI predicted by crude 
feed quality in GJ/m3 crude refined, and the emission intensity of the refinery fuel mix in 
kilograms CO2 emitted per Gigajoule fuel energy (GJ/m3

 • kg/GJ = kg/m3 crude refined).  
Results for emissions are similar to those for EI because the fuel mix did not change 
much in these years.  Predictions for multi-plant emissions include the six statewide 
observations from 2004–2009 and S.F. Bay Area refinery emissions in 2008. The 
statewide/regional emissions fall within the confidence of prediction in 5 of 7 cases and 
fall within 2% of its confidence interval in all cases. 
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Individual refinery predictions in Table 1-1 compare to emissions reported for 2008 
under California’s Mandatory Greenhouse Gases Reporting Rule (see Table 2-6).  
Refinery-level capacity utilization, products ratio, and fuel mix data were not reported.  
Average 2008 California values as well as the lowest and highest values observed for 
California or any PADD were used for these inputs to create low, average, and high 
predictions.  The low–high range of these predictions shown in Table 1-1 thus represents 
uncertainty in prediction caused solely by the unreported data.  Accounting for that 
uncertainty, emissions reported by individual Bay Area refiners fall within the prediction 
in 4 of 5 cases.  Emissions reported by the Chevron Richmond refinery in 2008 exceeded 
the upper bound of the high prediction by about 1% and exceeded the average prediction 
by 24%.  This was expected, because inefficiency was reported by this refinery.2 

Together with the results from previous analysis of the U.S. refinery data (1), and the 
causal relationships analysis above, these results provide evidence that crude quality is a 
relatively accurate and reliable predictor of California refinery emissions. 

For the statewide refinery comparisons over the six annual observations, the central 
prediction for average California refinery emissions by this crude quality metric is within 
1% of observed emissions.     
 
 
 

 

 

 

 

 

 

 

 

 

 

                                                
2 Its hydrogen plant, reformers and steam boilers were reported to be outdated and inefficient.  Chevron 
Renewal Project Application; ChevronTexaco 17 June 2005 submission to Air Quality Mgmt. District. 
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Equipment complexity metric results.  Figure 1-6 shows results for refinery emissions 
predicted by Nelson Complexity.  The relatively low R-squared value (0.66) indicates 
relatively poor power of prediction for emissions.  The undulating prediction curve (red 
and yellow circles in the chart), which trends downward at high complexity and predicts 
average emissions lower than those from most other refineries in California, indicates 
prediction error.  Observed average California refinery emissions exceed those predicted 
by Nelson complexity substantially in all years (2004–2009), exceeding the complexity 
predictions by 26–46%. 

In this analysis (Figure 1-6), complexity includes secondary processing that acts on 
product streams along with primary processing that acts on crude, gas oil and residua, 
because the Nelson Index values both classes of processing.  However, the increasing 
energy intensity that drives refinery emissions is not significantly related to increasing 
capacity for major products processes and has mixed relationships to other products 
processes (1), and the conversion capacity excess observed (Figure 1-4) did not reflect 
observed California energy intensity.  The poor power and reliability of Nelson 
Complexity for predicting emissions shown in Figure 1-6 is thus consistent with the 
decoupling of conversion capacity and energy intensity observed in the California data.  
However, it may also reflect a bias due to the Nelson’s weighting factors being developed 
to measure the value of process capacity instead of measuring refinery emissions. 

Energy intensities predicted by refinery equivalent capacity, and by primary processing 
equivalent capacity, are shown in figures 1-7 and 1-8, respectively.  For complexity as 
refinery EQC, the very low R-squared value (0.35) and very wide confidence interval 
indicates very poor power of prediction.  Observed average California refinery EI is 
consistently lower than predicted by refinery EQC.  These emissions fall within the wide 
confidence of prediction by refinery EQC, but that only reflects its poor power.  Average 
California refinery emissions intensity could increase by 21–30% and still be within the 
confidence of prediction by this metric (see Table 1-2). 

For complexity as primary processing EQC, the relatively good power of EI prediction 
(R-squared 0.92; Figure 1-8) was expected, because increasing primary processing is 
strongly associated with worsening crude feed quality—the major driver of EI. 
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However, Figure 1-8 reveals a large shift to the right in the EI predicted for California 
observations.  Average observed California emissions are exceeded by the lower bound 
of prediction by 9–15% in 6 of 6 years, and are 14% below the central prediction as a six-
year average (Table 1-3).  This demonstrates the reliability problem with complexity 
metrics that was suggested by the decoupling of conversion capacity from energy 
intensity observed in California.  Complexity is not measuring energy intensity or 
emissions.  It is erroneously equating capacity to energy intensity.  In California, where 
conversion, hydrocracking, and gas oil hydrotreating capacities are high, predictions of 
energy and emission intensities based on complexity are biased high.  
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In the context of emissions oversight and control, a metric that is biased-high can be 
considered a special case.  It could cause serious problems if it is used as a benchmark to 
define “acceptable” emissions performance.  Such a benchmark could erroneously define 
emissions that are greater than actual current emissions as acceptable, resulting in the 
allowance of excessive and potentially increasing emissions.  If excess pollution caused 
by this “baseline inflation” problem were to occur, it would likely manifest as emissions 
oversight and control failure at the facility level. 

Major refineries in the Los Angeles and Bay Area regions that collectively represent 
California fuels refining capacity were analyzed to assess the potential breadth and 
magnitude of this problem.  Analysis was based on each facility’s reported emissions and 
primary processing EQC based on reported process capacities for 2008 and 2009 (tables 
2-5, 2-6).  Reported emissions were compared with the 95% confidence of prediction 
lower bound for observations to assess the frequency of emissions baseline inflation that 
could remain undetected by the primary processing complexity metric.  This lower bound 
of prediction exceeded reported annual refinery emissions in 18 of 22 cases, indicating 
the potential for widespread failure of emissions oversight and control. 

To assess the magnitude of potential emissions that could be undetected by this 
complexity metric, reported emissions were compared with the its 95% confidence of 
prediction upper bound for observations.  Individual facility annual emissions could 
increase above emissions reported for a refinery and year by more than 10% in 19 of 22 
cases, and by more than 50% in ten of these cases, without exceeding the 95% confidence 
of prediction by this complexity metric. 
 
Finally, the “adjusted” primary processing equivalent capacity prediction in Table 1-3 
shows an example of how the decoupling of capacity from EI and emissions observed 
could explain this prediction error.  This adjustment replaces observed California gas oil 
hydrotreating data with lowest value observed (PADD 1, 2006–2008).  California’s high 
gas oil hydrotreating capacity is consistent with maintaining light liquids yield from 
denser crude while meeting California’s “clean fuels” standards.  It also is likely to 
improve efficiencies of downstream processes via better pretreatment of their feeds: Gas 
oil hydrotreating removes sulfur and metals that poison catalysts in catalytic cracking and 
reforming processes (1, 29, 38), and is used for such pretreatment in California (6).  
Downstream process efficiency improvements may thereby offset emissions from 
California’s extra gas oil hydrotreating.  This adjustment thus represents a plausible, yet 
hypothetical,3 scenario.  Observed statewide emissions are exceeded by the lower bound 
of prediction in this hypothetical scenario by 3% in 1 of 6 years, and emissions are 5% 
below the central prediction as a six-year average (as compared with the 9–15% in 6 of 6 
years and 14% six-year average without this adjustment; Table 1-3). 

                                                
3 Exact capacity/energy relationships cannot be verified because process-level material and energy 
inputs/outputs are not reported: therefore, this example may be one of multiple possible examples. 
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Product yield output metric results.   
Figure 1-9 shows results for emissions intensity predicted by the primary products sum.  
The results show poor power of prediction (R2 0.40) and poor reliability as well.  Average 
observed California emissions exceed emissions predicted by this metric in 6 of 6 years 
and by 26–48% (Table 1–4). 

 

 
 

Figure 1-10 shows emissions intensity predicted by the primary liquids mix.  Including 
fuel-specific yield instead of a lump sum, and excluding asphalt, improved the power of 
prediction substantially over the summing method (R2 0.94), but California emissions 
exceeded the upper bound of prediction by 9–25% each year (Table 1-5).   
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The prior analyses tested the metric’s ability to predict energy or emissions intensities as 
an explanatory or x variable.  The next two analyses test the products-based metric’s 
stability as a measurement that is predictable in relation to other factors (as a y variable). 

Figure 1-11 presents results for the case where the products metric includes all products 
and is predicted by crude feed quality.  Results suggest good power of prediction (R2 
0.90), and much less error of California predictions than observed in the product metrics 
that exclude crude feed quality, but observed California emissions still exceed the 
prediction in all cases by 6–17%. 
 

 
 

Figure 1-12 presents results where the products metric includes light liquids (aviation and 
motor gasoline, jet kerosene, distillate and naphtha) and is predicted by crude feed 
quality.  Power of prediction is good (R2 0.91), and California observations fall within the 
prediction in 2 years but exceed the prediction by 4–7% during four years. 
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Estimates of emissions explained directly by fuels production (“fuels emit” in Table 1-5) 
are smaller (219–249 vs 257–401 kg/m3) and range much less (30 vs 144 kg/m3) than 
observed emissions.  Further, among PADDs, emissions explained by fuels production 
trend downward as those predicted based on product fuels output, and those observed, 
trend upward (Table 1-5).  Thus, the relative amounts of motor fuel products outputs 
cannot explain observed emissions, trends in observed emissions, or trends in the 
predictions based on the mix of primary liquid fuels.  Therefore, the prediction error 
shown in Figure 1-10 must be explained by this prediction (erroneously) equating 
California refineries to those in other regions that have a similar mix of fuel product 
yields but very different (in this case lower) refinery emission intensities. 
 
Accounting for crude feed quality in the emissions/volume products metric clearly 
reduces the errors of its predictions for California observations by substantial amounts 
(compare figures 1-11, 1-12 with 1-9, 1-10).  This was already known from the crude 
feed quality metric results, because that metric includes products data alongside density, 
sulfur, and capacity utilization.  What is new is that the results for the two methods 
including fuels product output and crude feed quality are not the same. 
 
Comparison of the results in tables 1-6 and 1-7 with those for the crude feed quality 
metric results (Table 1-1) provides information about the emissions/volume products 
metric because it is the only variable that differs from the crude feed quality metric.  It 
replaces emission/volume crude as the y variable.  Different product slates can be made 
from the same crude feed.  Also, depending upon the crude feed, product, and processing 
intensity, volume expansion of products over crude (yield “gain” on crude) can result in 
some variance in products volumes as compared with crude feeds.  Thus, the 
emission/vol. products value can change with changes in fuel products volume that may 
not change the emission/vol. crude value as much or may not be associated with a change 
in crude feed volume.  Evidence for this is observed in the data set analyzed here. 
 
Low products ratio values for PADD 3 in 2008 and PADD 5 1999–2001 (Table 1-7) 
drove emissions/vol. product assigned to those regions and years higher than California 
values.  This changed the distribution of observed emission values, which affected the 
prediction, and pushed the California predictions in Figure 1-12 to the left (compare with 
Figure 1-5).  Had that not happened, the predictions for California refineries shown in 
Figure 1-12 might appear very good instead of fairly poor.   
 
These results suggest instability of the emissions/vol. product metric as an emission 
performance benchmark: it reports emission intensity values that may be overly sensitive 
to changes in product volume.  Facility-level variability is significantly greater than 
variability between refining regions in general, suggesting that errors for individual 
facilities are likely to be larger than those found here from statewide and U.S. regional 
averages.  These considerations further highlight the need to resolve unanswered 
questions about facility-level reporting of products data. 
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Discussion 

Data gathered from California refineries, though limited by poor facility-level reporting 
and poor accessibility that limited the California data gathered to six years, add 
information to the nationwide refining performance picture.  Comparison with the U.S. 
data (Table 2-1) shows that average California refinery CO2 emission intensity is at the 
high extreme among regions, exceeding that of PADD 3 by 20% and that of PADD 2 by 
38%, based on the six most recent years for each region.  The decoupling of conversion 
capacity from energy intensity is also more extreme in California, where product fuels 
yield stays relatively flat as crude feed density and energy intensity increments remain 
coupled (Figure 1-4), adding regional detail to the relationship of feedstock and products 
with refinery fuel combustion rates.  The California data, presented in one place for the 
first time, can support additional analysis beyond the scope of the present assessment.  
Here the California data together with the U.S. data support observations for analysis of 
emissions performance metrics. 

This assessment treats each refinery emissions performance metric option as an 
hypothesis—refinery emission intensity can be measured and predicted accurately and 
reliably by this metric—and tests the hypothesis against real world observations from 
refineries in actual operation.  Table 1-8 summarizes the results from analysis of 
alternative metric options for their ability to measure and predict refinery CO2 emissions 
intensity accurately and reliably.   

The very poor R-squared value for refinery equivalent capacity (0.35) indicates that this 
complexity metric is not related to observed emission intensity.  Among the remaining 
metrics, large differences between observed California emissions and those predicted by 
the metric on average over the six years of record (six-yr %∆) show that metrics which 
exclude crude feed quality do not measure and predict California refinery emissions 
accurately or reliably. 

Primary processing capacity is consistently (100% outlier rate) and substantially (six-yr 
%∆ –14%) biased high.  This reflects the more extreme decoupling of conversion 
capacity from energy intensity in California, and is exacerbated by the correlation of this 
complexity metric with emissions (R2 0.92).  That correlation is expected because 
primary processing capacity enables lower quality crude feeds, but capacity can be used 
in different ways with different energy and emission effects, as shown by the California 
observations (Figure 1-4).  As an emissions benchmark, this complexity metric assumes 
process capacity equates to emissions when it does not.  Benchmarking emissions by this 
metric could artificially assign “good” performance to California refineries that, in the 
real world, are at the high extreme of emissions intensity. 

Excluding crude feed quality from the products-based approach, the CO2/vol. product 
fuels metric has the highest prediction error among these metrics (six-yr %∆ +22%) and a 
100% outlier rate.  Production of the fuels targeted by this metric is causally linked to 
refinery energy and emission commitments (3, 4, 31–35).  However, crude quality effects 
on processing vary more than those of products (1), and the association of hydrogen  
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production emissions with crude feed quality and hydrocracking rather than product 
hydrotreating found nationally (1) is observed in California as well (figures 1-2, 1-3).  
Much better results for the remaining metrics, which include crude feed quality and 
products, confirm that excluding crude feed quality causes most of the problem with the 
products-only metric. 

The CO2/vol. fuels & crude quality metric (outlier rate 66%; six-yr %∆ 8%) is less 
reliable than the crude quality & product ratio metric (outlier rate 33%; six-yr %∆ < 1%) 
because it includes products volume in its emissions term.  This makes the stability of its 
emission performance value vulnerable to product slate variability that is unrelated to 
actual emissions.  Unfortunately, that problem will likely be worse at the facility level 
than it appears in the multi-facility averages shown in Table 1-8, and will likely be 
exacerbated by unresolved questions of transparency and reporting of products data.   

Including crude feed quality with light liquid fuels product output, and assigning neither 
causal component to the emissions intensity term—as is done in the crude quality & 
products ratio metric—is the more accurate and reliable approach among the metrics 
assessed.  This feedstock-and-products approach also has the strongest causal support. 

Making light liquid fuels from the denser, more contaminated components of crude 
requires aggressive processing to reject carbon and inject hydrogen, and supporting 
processes that also consume energy.  More of the lower quality crude barrel is comprised 
of these denser, more contaminated components; putting more of the barrel through 
carbon rejection and aggressive hydrogen addition processing requires more energy to 
refine each barrel.  This extra energy requires burning more fuel.  That emits more 
combustion products at refineries.  Thus, observed relationships among crude feed 
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quality, the ratio of light liquids to other refinery products, and refinery capacity 
utilization can measure and predict impacts of those causal factors on emissions.   

Crude feed quality explains 90% of energy intensity and 85% of CO2 emission intensity 
differences observed among the four largest U.S. refining regions over ten years.  
Emissions predicted by crude density, crude sulfur content, products ratio, and capacity 
utilization explain most of the regional differences among government estimates of 
refinery emissions.  CO2 emissions can be measured and predicted for groups of 
refineries with diverse feeds by these four parameters (1). 

A larger, and crucial, reason for benchmarking refinery emissions performance against 
crude feed quality along with fuels product output is that California refineries are 
switching crude supplies.  Government projections (18), industry projections (19), and 
the long, continuing decline in California crude production observed since the mid-1980s 
(5, 44) all indicate that 70–76% of the California refinery crude feed will not be from 
current in-state sources by 2020.  Declining production from Alaska’s currently-tapped 
fields (18, 19) and the ease of switching among foreign supplies mean that, in practical 
terms, up to three-quarters of the 2020 crude feed will be “new.”  Therefore, despite the 
large planning and capital equipment costs typically incurred to re-tune refineries for 
crude feed of different quality, an acceleration of the currently observed refinery 
retooling trend is foreseeable in California because of the need to switch crude supplies.  
The choice among supplies that could plausibly range from current PADD 1 crude feed 
quality (863.9 kg/m3 density, 7.17 kg/m3 sulfur, 2005–2008 data from Table 2-1) to that 
of the average heavy oil (957.4 kg/m3 density, 27.8 kg/m3 sulfur) (28) is being made now. 

Whether business or policy choices lead California refineries to compete on the global 
crude market for lower or higher quality crude for this new supply could affect emissions 
dramatically.  Recently published work predicts that a switch from conventional crude to 
heavy oil/natural bitumen blends could double or triple U.S. refinery emissions (1).  
Replacing 70% of current (2009) statewide refinery crude input with heavy oil (central 
prediction, Table S8 in ref. 1) could boost average California refinery emissions to about 
573 kg/m3, an increase of approximately 44% or 17 million tonnes/year.  Based on the 
same prediction model (1) and the average California refinery products, capacity usage 
and fuels data from Table 2-1, replacing that 70% with current PADD 1 average crude 
could cut average California refinery emissions to about 318 kg/m3, a reduction of 20% 
or ~8 million tonnes/year (2005–2008 data, Table 2-1).  Intermediate scenarios are 
certainly possible, but it should be noted that these examples exclude the worst-case 
emissions increase that might occur if the industry switches to tar sands bitumen. 

Comparison of these potential emissions changes to the 10% cut in refinery emissions 
envisioned by 2020 via product fuels switching under California’s Low Carbon Fuel 
Standard shows that the crude switch happening now could overwhelm other emissions 
control efforts for much better, or much worse.  Further, the new crude slate will likely be 
locked in over the next, decades-long, refinery capital equipment cycle by the sunk costs 
in equipment retooled for the feed quality chosen.  Again, this choice is being made now.  
California’s refinery emissions performance benchmark could succeed if it addresses 
crude quality effects on emissions and will likely fail if it does not.  
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Recommendations 
 
1. Expand refinery crude feed quality reporting to include crude oil from U.S. sources. 

Currently, every refinery in the U.S. reports the volume, density, and sulfur content of 
every crude oil shipment it processes, and that is public—but only for foreign crude. 
(www.eia.gov/oil_gas/petroleum/data_publications/company_level_imports/cli.html) 
The quality of crude refined from wells on U.S. soil is exempted.  Since California’s 
major fuels refineries use U.S. crude too, this hides facility feedstock quality from the 
public and from publicly verifiable environmental science.  The public has a right to 
know about how U.S. oil creates pollution of our communities and threatens our 
climate.  State and federal officials should ensure that the U.S. crude refined is 
reported just like the foreign crude refined.  This is critical for California now.        

 
2. Benchmark refinery performance against nationwide performance. 

Average California refinery emissions intensity exceeds that of any U.S. refining 
region.  It is at the high-emission extreme of performance, not any acceptable norm.  
It need not remain so, because the main cause of its high emission intensity, refining 
lower quality crude, can change.  California refining has begun a switch to new 
sources of crude that will play out in the form of new commitments to lower-carbon, 
similar, or higher-carbon intensity crude feeds before 2020.  Thus, “grandfathering” 
its high emission intensity is unnecessary and risks excess or increased emissions.    

 
3. The benchmark emission component should be a direct emission measurement. 

Emission estimates based on measurements elsewhere that are applied to unmonitored 
emission sources are prone to error.  Comprehensive direct sampling of emission 
streams provides more accurate and reliable measurements.  It should be used.  Until 
then, emission estimates should be based on publicly verifiable data for fuel types, 
amounts, and emission factors.  Importantly, CO2 predominates the global warming 
potential (CO2e) of refinery emissions, and emission factor-based estimates for CO2 
are prone to smaller errors than those for smaller and proportionately more variable 
portions of combustion product streams.  Those considerations and the need for 
action are balanced with the need for accuracy in this recommendation.  

 
4. The benchmark must measure the driving cause(s) of emission intensity change. 

Benchmarks that fail to measure a driving cause of emissions performance risk 
emission control failure and perverse results that worsen emissions.  Failing to 
measure the emission intensity driver may track performance inaccurately, miss 
problems caused by that unmeasured factor, or even mistakenly assign good 
performance to poor performance caused by that driving factor.  Measuring the causal 
factor(s) driving differences in refinery emission intensity tracks performance more 
accurately and identifies (predicts) actions needed to maintain and improve emission 
performance more reliably.  All of these benefits, or all of these problems, could be 
realized depending on which of the currently available benchmark options is chosen.  
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5. Benchmark refinery emissions intensity against crude feed quality and fuels product. 
Crude feed quality is the major driver of refinery emissions intensity in California and 
the U.S.  It explains 85% of emissions variability among U.S. refining regions, and 
predicts average California refinery emissions within 1% over six recent years.  This 
metric can be used to separate out the major impact of crude quality so that other 
factors affecting emissions are better identified and addressed, to reduce emissions 
via refinery feedstock measures analogous to those limiting electric power generation 
from coal in California, or both.  Crude feed quality and fuels produced is the most 
powerful and reliable of the metrics assessed for refinery emissions.     

 
6. An equipment capacity (complexity) benchmark should not be used in California. 

Metrics based on a refinery’s processing capacity or “complexity” greatly exaggerate 
California refineries’ already-high emission intensity.  A major reason is that these 
equipment capacity-based metrics, which were not designed to measure emission 
intensity, commit the error of attempting to account for California refineries’ extra 
conversion capacity as if it were the same as emission intensity.  As a benchmark, this 
metric would make California refineries’ extreme-high emission intensity appear to 
be good performance, and encourage refiners to install even more capacity for higher-
carbon crude, which could further increase emissions. 

 
7. Products-based benchmarks have reliability problems when crude quality is excluded.  

The most accurate and reliable benchmark option assessed includes fuels product 
output with crude feed quality and a stable emission intensity term.  Product-based 
metrics that exclude crude quality do not measure and predict emissions accurately or 
reliably.  Including product volume in the emission term makes the emission 
performance measurement unstable, but this problem is readily resolved by including 
the fuels product and crude quality drivers in the metric side-by-side (see recs. 5, 8).  
Asphalt should be separated out from light liquid fuels, as these are different classes 
of products.  Public reporting of each facility’s products should be addressed. 

 
8. Establish benchmarks and monitor performance using publicly reported data. 

Refinery performance can be measured and predicted based on publicly reported data.  
A benchmark that relies on secret data would violate basic scientific principles, be 
prone to the error secrecy breeds, and ultimately violate the environmental policy test 
that requirements imposed must have scientific support. 
The crude feed quality and fuels produced metric proposed herein measures and 
predicts emissions per barrel crude refined based on the density and sulfur content of 
crude feeds, refinery capacity utilization, and the ratio of light liquids (gasoline, 
distillate, kerosene and naphtha) to other refinery products.  It is based on data for 
U.S. refining districts 1, 2, 3 and 5 over ten recent years.  Energy intensity expected 
from these parameters is compared with fuels data using CO2 emission factors 
developed for international reporting of greenhouse gas emissions in the U.S.  Data 
and methods are freely available at http://pubs.acs.org/doi/abs/10.1021/es1019965.   
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Legend: Density and sulfur content predict unreported characteristics of crude oils more 
reliably in well-mixed crude feeds than in poorly mixed crude feeds.  Anomalies in one 
oil stream have less potential to affect total feed quality when that stream is mixed with 
many others of equal or greater volume.  This table presents results from a simplified 
four-component mixing analysis for potential effects of anomalous oils on the crude feeds 
processed in California each year.  It is adapted from recent published work using the 
same method to validate crude feed quality data among U.S PADDs (1). 

a.  Refinery crude feed component streams represent a foreign country from which 
California refiners import and process crude (14), the Alaska North Slope (ANS) 
stream, or California-produced crude from either the San Joaquin Valley (Calif. Div. 
of Oil & Gas districts 4 and 5), California’s coastal and offshore reserves (districts 1–
3) or northern California (District 6).  Stream values are shown as percentages of total 
crude feed volume (5). 

b.  Potentially anomalous streams might be dominated by oils in which unreported 
characteristics that affect processing occur in anomalously high amounts (1).  The 
streams are ranked based on their volume and the assumption that oils from a single 
country of origin, region in California, or the ANS, may originate from similar 
geology and have similar anomalies.  Note that this assumption may be overly 
conservative for purposes other than checking the reliability of predictions based on 
density and sulfur for these crude feeds.  

Stream 1 in the table represents the San Joaquin Valley, the largest of the streams (as 
designated above) refined by California refineries in all years.  Stream 2 was from the 
ANS in all years.  The third largest stream was from Saudi Arabia during 2004–2008 
and from California’s coastal region in 2009.  Other streams were from 20–26 other 
countries or regions in California and comprised 36–48% of the crude feed.  

c.  It was assumed that an unreported charactistic of crude which affects processing was 
twice as abundant in the anomalous oil as predicted by density and sulfur.  This 
assumption appears plausible as an extreme case (1).   
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Table 2-8 continued 
Table legend continued 
 

d. Results estimate the potential for crude feeds to have anomalous high content for 
unreported characteristics that are not predicted by crude feed density and sulfur.  
They do not show that any such anomaly actually occurred.  Potential effects in the 
total refinery crude feed assume that the anomalous oil is 100% of stream 1, 50% of 
stream 2, and 25% of stream 3 for each district and year.  This reflects the decreasing 
likelihood of the same anomaly in multiple separate streams.  The predicted factor is 
assigned to the balance of the streams for each year.  Results are show increases from 
the predicted crude feed factor of 1.00 on the right of Table 2-8.  

Relatively well-mixed crude feeds limit the effect of the anomaly to less than half of 
its assumed magnitude in the anomalous oil stream.  For context, crude sulfur content 
exceeds that of other process catalyst poisons by eight times in the case of nitrogen 
and by 160 to 500 times in the cases of nickel and vanadium (1, 28).  The range of 
annual estimates for California overlap with those from U.S. PADDs 1, 2, 3 and 5 
reported from the original use of this check on crude feed mixing.  Those U.S. regions 
were found to have reasonably well mixed crude feeds for purposes of predicting 
crude feed quality based on density and sulfur content (1).  The ranges for PADDs 1, 
2, 3 and 5 from that study (1) are shown at the bottom right of Table 2-8.   

This check is limited to a simple blending analysis, and the anomalous oil stream 
assumptions described above.  It represents an extreme and unlikely scenario for 
California given the number of its crude sources and the relatively well-understood 
refining characteristics of the San Joaquin Valley and ANS streams.  
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